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Fractured carbonate reservoirs are significantly developed in the eastern area of the Amu Darya Right Bank. However, their types, distributions, and fracture characteristics remain unclear. This uncertainty complicates reservoir prediction and hampers exploration and development processes. Given the strong correlation between fracture development and productivity, analyzing fractures is crucial. Comprehensive evaluation and prediction methods for fractured reservoirs are essential for advancing the oil and gas industry. Based on core and geological data analyses, it finds that these reservoirs exhibit low porosity and low to ultra-low permeability. By employing conventional logging alongside specialized methods, such as electrical imaging, nuclear magnetic resonance, and far detection logging, fractures and their effectiveness can be identified and evaluated, clarifying the characteristics of reservoir spaces. Constrained by the results from core and logging analyses, seismic single attribute analysis techniques is applied to predict fractures in the HX block of Amu Darya. To mitigate the limitations of single-attribute analysis, utilize a well-supervised BP neural network method for comprehensive fracture prediction. This multi-attribute approach increases the fracture prediction probability from less than 70%–72.7%. By integrating geological understanding and well logging, and considering the influence of lithology and structure on the reservoir, synthesize the fracture prediction results to optimally select favorable areas.
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1 INTRODUCTION
Increasing attention was gathered on the fractured reservoirs coming from advancements in tight reservoir exploration (Panza et al., 2016; Felici et al., 2016). In the eastern area of the Amu Darya Right Bank, fractured carbonate reservoirs represent a crucial type characterized by strong heterogeneity, causing significant challenges for reservoir studies. Fractures is enhancing permeability and playing a critical role in hydrocarbon migration, considered as primary reservoir spaces (Aydin, 2000). Improving fracture identification and evaluation, as well as achieving effective fracture prediction, is essential for comprehensive evaluation and optimal area selection.
Seismic analysis is the main method for fracture prediction in the petroleum industry, divided into post-stack and pre-stack techniques (Jian et al., 2024), such as pre-stack anisotropy and pre-stack elastic parameter inversion (Wang et al., 2014; Zhang et al., 2015), and post-stack seismic single attribute prediction of fractures (Zhang et al., 2024). Since pre-stack technology has not yet achieved large-scale, robust application effects, this paper’s prediction is based on post-stack seismic attributes analysis. Techniques like seismic coherence analysis, curvature analysis, ant tracking, and seismic texture interpretation are effective for detecting fractures (Blumentritt et al., 2006; Chopra and Marfurt, 2007; Ganguly et al., 2009; Chen et al., 2015; Zhang et al., 2023; Gui et al., 2023), showing practical applications in imaging carbonate fractured reservoirs, fault identification and description, and fluid detection. However, the fracture development is often complicated. The seismic analysis is controlled by the quality of seismic data, and the seismic recognition is limited for small-scale fractures. Single seismic attributes are being impacted by factors such as reservoir and fluid properties, and leading to reduction in prediction accuracy. To address these issues, we analyze core and well logging data and employ a BP neural network method to improve prediction accuracy through nonlinear modeling and its learning capabilities.
In this paper, using geological, well logging and seismic data analysis comprehensively, to recognize and identify the fracture effectiveness, as well as predict fracture distribution with higher probability. The systematic research methods can be applied in similar fractured carbonate reservoirs to help oil and gas exploration and production.
2 GEOLOGICAL BACKGROUND
The Amu Darya Basin is located in the southeastern Turan Platform, described as a Mesozoic superimposed basin consists of several large structural units, such as the Kopettag Depression, Central Karakam Rise, Chardju Terrace, and Beshkent Depression (Xu et al., 2009; Wang, 2019). It is surrounded by folded mountains, trending northwest, about 1,000 km long and 400–500 km wide. The southwest part of the study basin is steep and narrow, while the northeast part is a gentle structural terrace. The right bank of the Amu Darya locates in the northeastern part of the Amu Darya Basin, bounded by the Amu Darya River to the southwest and the borders of Turkmenistan and Uzbekistan to the northeast, belonging to the Lebap Province of Turkmenistan (Guo et al., 2019; Chai et al., 2024). The structural map of the study area is in the eastern area of Amu Darya Right Bank, showing in Figure 1.
[image: Map depicting geological features and study areas in the region spanning Uzbekistan, Turkmenistan, and Afghanistan. The inset highlights the Amu Darya basin with specific faults and depressions outlined. Legend includes symbols for basins, rivers, borders, study areas, and faults.]FIGURE 1 | Structural map of eastern area of Amu Darya Right Bank.
The Amu Darya Basin has undergone four main tectonic movements: the Pre-Permian basement development, Permian-Triassic rifting, Jurassic-Paleogene Eocene post-rift depression, and Oligocene-Neogene compression uplift and reformation (Xu et al., 2009). Structural belts primarily exhibit a northeast-southwest trend, and the local structure is complex due to previous reverse faults and compressional folds. A thick gypsum rock layer from the Late Jurassic period serves as a sedimentary cap, dividing the area into upper and lower exploration series. Underneath this layer is the focused layer of this study, the Middle to Late Jurassic Callovian-Oxfordian carbonate rock. This set of strata develops five sets of layers from top to bottom: XVhp, XVa1, XVz, XVa2, and XVI (Xu et al., 2018), with the main gas-producing layer being XVhp, followed by XVa1 and XVa2, shown in Figure 2. Affected by the regional tectonic compression of the Himalayan orogeny, this area has been continuously subjected to reverse thrust compression from the Gissar direction in the southwest since the Neogene. Through that tectonic motion, a foreland thrust-fold belt is formed, as well as a series of gas-bearing thrust structures. The sub-salt fault system is mainly composed by some reverse faults and strike-slip faults, with the main directions being near northeast and near northwest.
[image: Geological chart showing stratigraphy, lithology, sedimentary facies, and sequence division. Columns detail stratigraphic names, lithological patterns, facies with thickness, and sequence divisions depicted as curves. They illustrate chronological layers with various rock types and sedimentary environments.]FIGURE 2 | Lithology, stratigraphy and sequence structure map of Amu Darya formation.
3 RESERVOIR EVALUATION
3.1 Petrological characteristics
XRD analysis indicates that calcite is the predominant mineral in the Callovian-Oxfordian carbonate rocks, and the content range is 91%–99.5%, with an average content value of 97.2%. The content of clay is very low, with a maximum of 1.9%. Thin section analyses reveal diverse limestone types, including bioclastic sandy limestone, micritic bioclastic limestone, bioclastic sandy micritic limestone, algal clump-bearing bioclastic micritic limestone, bioclastic micritic limestone, etc. To analyze the influence of lithology on reservoir development systematically, nearly 300 thin slices were re-analyzed. Following Dunham’s classification, we categorize the limestones into grainstone, packstone, wackestone, and marlstone (Table 1a). The porosity value of reservoir ranges from 0.0% to 18.2%, averaging 1.86%. In the porosity distribution histogram (Table 1b), the main peak is <2.0%. The permeability value ranges from 0 to 3121.148mD, averaging 14.2 mD. In the permeability distribution histogram (Table 1c), the main peak is located at 0.001–0.01 mD, accounting for 46.5% of all samples. And samples with <0.1 mD account for 79.3% of all samples. Therefore, the reservoir porosity is low, and permeability is low to ultra-low.
TABLE 1 | Petrological characteristics of study area.
[image: Lithology classification table using Dunham's scheme lists four types of stone: Grainstone with marl content less than ten percent, grain support; Packstone with marl content over ten percent, grain support; Wackestone with grain content over ten percent, marl support; Marlstone with grain content less than ten percent, marl support.]3.2 Fracture identification and effectiveness evaluation
Both fractures and vugs are developed in the fractured carbonate reservoirs. Fractures serve as the main reservoir space, (Ma, 2020), while vugs are mainly residual pores. Therefore, how to identify fractures and evaluate the effectiveness has significant influence in the study of such reservoirs. Observing the thin slices and cores, it is found that the fractures mainly include diagenetic fractures and structural fractures (Figure 3), with structural fractures being predominant. Most of these are open fractures. Meanwhile, some fractures are completely or partially filled, through which the effectiveness of the fractures is reduced distinctly.
[image: Collection of nine geological microscope images showcasing various types of rock formations and fractures. Descriptions include calcisparite biodastic algae, bioclastic clotted micrite, micrite shear fractures, diagenetic contraction fractures, and micrite algae calcarenite. Each image has specific detailing of structural and compositional features within the rocks, such as fractures and infillings of calcite and asphalt. The images highlight differences in rock textures and fracture types across varying depths, specified in meters.]FIGURE 3 | Thin slice and core analysis diagram.
Evaluating fracture effectiveness—openness, extension, and connectivity—is challenging. Currently, there are many methods for identifying fractures, but methods for evaluating fracture effectiveness are limited. Combining conventional logging with imaging data is effective for identifying fractures and vugs (Qi et al., 2018; Liao et al., 2023).
The fracture development degree and effectiveness can be determined by using the positive and negative differential characteristics and the difference magnitude between deep and shallow lateral resistivity logging.
In fractured reservoirs, different fracture angles produce varying logging responses, allowing us to distinguish fracture types using electrical imaging logging. When the fracture angle is 45°, the dual laterolog shows the maximum negative difference. When the fracture angle is 90°, it shows the maximum positive difference. By using electrical imaging logging analysis, the natural fractures and induced fractures can be directly distinguished. Natural fractures can be divided into vertical fractures, high angle fractures and horizontal fractures according to the fracture angle. The vertical open fracture is shown as a black near-vertical line, the high angle open fracture is shown as a thick dark sine curve, and the low angle open fracture is shown as a thin continuous dark sine curve. The induced fractures are generally dark in color and have clear features, but the continuity is poor, and they are often parallel to the secondary feathery fractures. The imaging data is used for fracture picking analysis, and the fracture parameters are calculated according to the fracture picking results. The secondary porosity can be evaluated by combining with the porosity spectrum characteristics. Through core calibration and comprehensive analysis, it is believed that the fracture openness and fracture porosity can be calculated through fracture picking, as well as the average porosity and standard deviation curves can be calculated through the porosity spectrum, which can be used as sensitive parameters or curves to analyze the permeability of fractured reservoirs. For nuclear magnetic resonance logging (CMR), the T2 spectrum has obvious response in fracture-developed sections, with the presence of back-end signals >960 ms, which can be used as an auxiliary means for reservoir fracture identification. The open fractures passing through the borehole have an impact on the propagation characteristics of stoneley waves and shear waves, which are reflected in array sonic logging and can be used for fracture identification. The above-discussed methods for determining fracture effectiveness are limited by detection depth and can only identify fracture development near the borehole. Therefor, it is difficult to study lateral changes in the reservoir or the outward extension and development of borehole fractures. By using electrical imaging characteristics, referring to array sonic waveform characteristics, dispersion characteristics, and the fracture development situation around the well provided by far detection imaging (Wei et al., 2021), the development and effectiveness of fractures and vugs within a 10 m range around the well can be comprehensively evaluated.
In Figure 4, it is the 3452–3454 m interval logging responses of well H-X2, which shows low gamma-ray values indicating pure lithology. The dual laterolog values decrease and the separation amplitude is large, and the porosity curve does not change significantly. In the static electrical logging imaging, the black color indicates large fracture aperture. The porosity spectrum is wide and shifted backward. The stoneley waves have interference stripes, and both the longitudinal wave and stoneley wave amplitudes are attenuated. The nuclear magnetic resonance T2 spectrum shows a spectrum display around 100ms. In the sonic far detection image, reflected waves are obvious and extend spatially.
[image: Detailed geophysical analysis display with multiple vertical sections showing data from well logs, amplitude spectrums, and seismic analysis with various color-coded graphs and charts, highlighting specific data points using red lines and boxes for clarity.]FIGURE 4 | Integrated interpretation results map of H-X2 well (3452–3454 m).
3.3 Fracture characteristics
Through geological and multi-method logging identification analysis, it is concluded that fractures in the study area generally develop in an east-west direction, with some wells having a NE direction. Overall, they can be divided into two fracture sets: NW or NWW-trending and NE-trending sets (Figure 5). Combining the analysis of single well structural fracture orientation and the structural position, it is believed that the current maximum principal stress direction is near east-west, with slight variations in different areas, mainly NW-SE or NWW-SEE. The current maximum principal stress direction is basically consistent with the fracture orientation, indicating that the stress direction has not changed much since fracture formation, inheriting the regional compression direction since the Neogene. The open fractures interpreted from logging are basically consistent with or at an acute angle to the maximum principal stress direction, indicating that the current maximum principal stress direction is favorable for the preservation and opening of open fractures (Zhang, 2023).
[image: Grid of circular diagrams representing the strike of open fractures for different wells labeled A-X1, A-X2, A-X3, A-X4, H-X1, H-X2, H-X3, EH-X1, J-X1, G-X1, and T-X1. Each diagram shows varying orange patterns indicating fracture orientation and intensity.]FIGURE 5 | Fracture rose diagram of wells.
3.4 Controlling factors of fractures
3.4.1 Influence of lithology
Analysis of fracture width and length-area ratio (ratio of total fracture length to thin section area) in fractured thin slices reveals that grainstones have the smallest fracture length-area ratio and width, with averages of 196.2 m/m2 and 0.066 mm. Marlstones have a wider distribution range of fracture length-area ratio and width, but their length-area ratio and width are generally the largest among the four lithologies, with average length-area ratio and width of 675.8 m/m2 and 0.22 mm (Figure 6A). Among the thin slices analysis, structural fractures can account for 40% in wackestones and marlstones, while only about 20% or even less in grainstones and packstones (Figure 6B). This indicates that the fracture development intensity is generally lower in high-energy grainstones and packstones compared to low-energy wackestones and marlstones.
[image: Table A lists lithology types with fracture width in millimeters and structural fracture length-area ratio. Marlstone has the highest ratio. Graph B is a bar chart comparing the frequency of structural and diagenetic fractures across grainstone, packstone, wackestone, and marlstone. Wackestone has the highest frequency of structural fractures.]FIGURE 6 | Characteristics of fractures in different rocks (A). Distribution range of structural fracture parameters of different types of limestone flakes. (B). Characteristics of fracture development in different types of limestones.
3.4.2 Influence of structure
The fractures development and distribution is influenced by structural situation and fold occurrence (Nelson, 2001; Mickael et al., 2012; Watkins et at., 2018). Through the analysis of fault activity intensity and well fracture density, it shows that the greater the fault displacement, indicating the stronger the fault activity, the greater the fracture development intensity or density (Figure 7A). Through the analysis of the relationship between the fracture density and distance of wells to the main fault, it shows that the closer to the main fault, the greater the fracture development density (Figure 7B). Therefore, the fault activity intensity significantly impacts fracture development—the stronger the fault activity and the closer to the fault, the higher the fracture intensity.
[image: Chart A shows the relationship between open-fracture density and displacement, displaying a positive trend. Chart B illustrates total-fracture density against distance, indicating a negative trend with scattered data points and a regression line.]FIGURE 7 | Relationship between fault characteristics and fracture density in HX block (A). Relationship between fault distance and fracture density in HX block (B). Relationship between fracture distance and fracture density.
In thrust-fold belt, fold occurrence controls fracture intensity and orientation (Price, 1966; Watkins et al., 2015). The HX block is a typical thrust-related anticline structure. Using 3D Move structural restoration and simulation software (Di et al., 2016), simulate and calculate the maximum principal strain of the top and bottom reflection layers of the carbonate rocks in the HX block (Figure 8). Simulations show greater fracture development in high-strain areas like fold hinges and forelimbs.
[image: Two contour maps labeled A and B display stress distribution in a geological formation. Both maps show areas marked as forelimb and backlimb. Dark blue indicates regions of low stress, transitioning to red for areas of maximum principal stress. Notable features include thrust fault, hinge, and points labeled H-X1 and H-X2. The scale ranges from low to high stress, with notable areas of medium stress marked in green and yellow. North orientation and scale are shown. Differences in stress distribution between maps A and B are evident.]FIGURE 8 | Simulation of the maximum principal strain of the top and bottom reflector of HX block (A). top horizon stress reflection (B). bottom horizon stress reflection.
4 PREDICTION OF FRACTURE AREAS
In fracture development zones, abnormal changes are caused in the amplitude, frequency, phase, and other characteristics of seismic wave reflection. Therefore, selecting sensitive mathematical methods, combining with analysis of anomaly of seismic wave amplitude, frequency, phase, and other attributes, can predict the fracture development situation. There are many commonly used seismic attributes, such as volume curvature, coherence, principal component analysis, seismic tensor, edge detection, texture, ant tracking, etc.
4.1 Single attribute prediction
Taking the HX block as an example, this paper summarizes a seismic multi-attribute fracture prediction method, which can be applied to the entire east part of the right bank of the Amu Darya. Based on seismic and well logging data, fractures can be recognized by seismic attributes study. Combined with logging interpretation of fractures, preferred seismic attributes of different scales are selected to comprehensively predict fracture distribution.
Curvature attribute is a common seismic attribute for predicting fractures. Curvature indicates the degree of structural deformation, as well as identifies the curvature characteristics caused by structural deformation such as folds and faults (Dun et al., 2013). There are many types of curvature attributes, such as maximum curvature, minimum curvature, positive curvature, average curvature, Gaussian curvature, etc. Because each curvature algorithm is different, curvature attribute can reflect certain geometric characteristics of the area seismic body from different aspects (Song, 2014; Saleh and Marfurt, 2006; Zhu, 2013).
Seismic coherence refers to the measurement of the similarity degree of waveform, amplitude, frequency, phase, and other seismic attributes between adjacent seismic traces. It is known that coherence technology is a useful method for discontinuity detection of seismic wave axis. Different coherence attributes reflect the interruption of coherent axis, which can identify large-scale faults in the study area. This method is quite useful when faults with clear fault displacement especially. Therefore, the extension morphology and distribution pattern of fractures and faults development areas can be clearly identified through coherence attribute analysis.
The ant body attribute initially sets the corresponding search range and direction, through which the ant signal will recognize the exist of faults or fractures. The ant signal has maximum deviation of 15% from the search direction when estimating faults. The principle of ant tracing such as search radius, search direction, step length, and stop search time is determined by different parameters.
The likelihood attribute is based on similarity algorithms. Discontinuities in seismic reflections usually correspond to the exist of faults. The stronger the discontinuity of reflection, the lower the similarity, and the more obvious the fault. The maximum fault probability attribute value can be calculated by scanning different fault dip angles and azimuths. Then the resulting fault probability body is refined in order to gain fault or fracture prediction results.
Figure 9 shows 4 kinds of seismic attribute profiles in HX block randomly selected from multiple attributes. Figure 9A is the strike curvature attribute profile. Different curvature attributes all can reflect the bending deformation of rock layers caused by structural activity, in which yellow and red indicates fracture development. The H-X4 well is located near a fault and is greatly affected by structural activity. Therefore, different curvatures identify high values of the strata near this well, reflecting strong deformation of formation around the well. Figure 9B shows the conventional coherence attribute profile of four wells. The large faults or fractures are reflected in the coherence attribute profile in dark color. In Figure 9C, the ant body attribute reflects faults as well as fractures near the wellbore in blue and black region, representing good prediction results. In Figure 9D, the likelihood attribute in colored areas shows reflections near the faults, while the reflections become more random away from faults.
[image: Four seismic data images labeled A to D.  A shows a colored seismic section with varied amplitudes indicated by a color scale.  B displays the same section in grayscale with highlighted contours.  C features fault lines and other geological structures in black and blue on a white background.  D combines colored amplitude and structural features, emphasizing variations in seismic data.]FIGURE 9 | Fracture prediction profiles of seismic single attributes (A). Strike curvature attribute profile (B). Coherent attribute profile (C). Ant body attribute profile (D). likelihood attribute profile.
4.2 Multi-attributes prediction
Using single seismic attributes can predict fractures from a single perspective. Referring to the multi-solution and uncertainty of seismic data (Dong et al., 2004), the correlation and prediction accuracy between seismic attributes and fractures are different. In order to achieve better analysis of different attributes, a neural network method is used for multi-attribute analysis.
In this paper, a BP (Back-Propagation-Network) neural network method is applied for seismic multi-attribute fracture prediction. In BP network, each node is only connected with the adjacent layer nodes, and the nodes between the same layer are not connected. If the number of hidden layer nodes is large enough, it could approximate any complex nonlinear mapping. Through the iterative process of information forward propagation and error back propagation, the weights of each layer are constantly adjusted, and the neural network continues to learn and train until the network output error is reduced to an acceptable degree, or the pre-set learning times. In this paper, the neural network is trained by combining seismic attributes and well log fracture characteristics to establish a neural network training set. Then learning from the set, the connection weight coefficients between internal nodes, thresholds on the nodes, and their non-linear relationships within network can be determined. After that, combining the single attribute optimization results, use the existing seismic attributes as input data. The neural network calculates the input data based on the non-linear relationships obtained during training, and gain the fracture prediction results in the end.
After pre-processing of post-stack seismic data, training data and input attribute preparation are carried out, through the coherent and maximum positive curvature pickup binary pointsets of drilling calibration: Fractures and non-fractures include 9909 defined points for green fractures and 7972 defined points for pink non-fractures, accounting for 40% of the total test data (Figure 10A). In the process of network training, an intermediate layer (hidden layer) is set up. Through the quality control of training results, 49,100 iterations are made to determine the good prediction effect, as shown in Figure 10B. After neural network learning, highly correlated attributes are used as input data, such as curvature and ant body, to calculate and obtain the final fracture prediction attribute body. In the Figures 10C,D, it shows the top surface maps of 50%, and 90% fracture prediction probability bodies in yellow area. The higher the probability, the smaller the predicted fracture distribution area, and the higher the prediction accuracy. Fractures are most developed near faults. In the HX block, the fracture distribution is mainly parallel to the fault zone. What’s more, the existing well all in the fracture development zones.
[image: Panel A shows a 3D geological model with colored layers and gridlines. Panel B displays three line graphs and a legend with color-coded categories. Panels C and D depict geological maps with labeled points (H-X0 through H-X4) and a color gradient from yellow to brown indicating density or elevation.]FIGURE 10 | Calculation and prediction of fractures by neural network method (A). Training data define facture points (green) and non-fracture points (pink) (B). Quality control of training (C). 50% fracture prediction probability body (D). 90% fracture prediction probability body.
To reflect the effectiveness of seismic fracture prediction directly, and confirm the advantage of multi-attribute prediction, analyze the relationship of seismic attribute and logging fracture attribute. The accuracy of seismic fracture can be reflected by the above result semi-quantitatively. The correlation coefficient between relatively better seismic single attributes, such as maximum curvature, coherence, and frequency, and fracture density is less than70%. Figure 11A shows the intersection diagram of coherence attribute value and fracture density with the coherence coefficient is 68%. The intersection diagram of the BP neural network calculated attributes and the fracture density is shown in Figure 11B, and the correlation coefficient is 72.7%, which significantly improves the coincidence rate compared with the prediction of a single attribute.
[image: Two scatter plots labeled A and B, both showing a positive correlation. Plot A displays fracture density against cohesive value with a trend line equation of y = 9.9727x + 1.5133 and R² = 0.8054. Plot B shows fracture density against calculated value with a trend line equation of y = 5.3926x - 2.3966 and R² = 0.7854. Blue data points are used in both plots.]FIGURE 11 | Correlation diagram between seismic attribute and fracture (A). Intersection diagram of coherence attribute and fracture density (B). Intersection diagram of BP calculated attribute and fracture density.
5 DISCUSSION
5.1 Verification of prediction
Using the ant body attribute as an example (Figure 12A), the prediction results of fractures by seismic single attributes and well logging are compared. As shown in the figure, the H-X2 well imaging data identifies many fractures, and the well has good gas content and productivity. The ant body attribute detects high-angle fractures developed near this well in the target layer, which is consistent with production situation. Though the H-X1 well was only drilled to the top of XVhp formation, its good productivity indicates a high probability of fracture development. Meanwhile, the ant body predicts fractures developed at the top of this well. The H-X3 and H-X4 wells' imaging data recognize few fractures, with poor gas content and low productivity. The ant body attribute only identifies a few indistinct micro-fractures in the target formations of these wells. Through the compare of the four wells, it is known that he correlation between ant body fracture prediction and well logging identification is good, compounding prediction expectation.
[image: Geological analysis showing two panels. Panel A displays fracture maps with highlighted sections and annotations indicating high-angle fractures (H-X1, H-X2, H-X3, H-X4) and less high-angle fractures, with color-coded dips. Panel B illustrates a cross-sectional view with color gradients denoting dip angles, matched with annotations from Panel A.]FIGURE 12 | Verification diagram of well-combined-seismic prediction results of fractures (A). Well and seismic contrast analysis of fractures of HX block (B). Profile of wells predicted by supervised neural network fracture in HX block.
Figure 12B shows a cross-well neural network fracture prediction profile in the HX block, with well logging analysis fracture results (green and purple) and seismic prediction results (yellow). It shows consistency between seismic and well logging fracture development distribution for all four wells, directly demonstrating the reliability of well supervised neural network fracture prediction results. This method reduces the uncertainty of single attribute prediction, improves fracture prediction accuracy, and provides a basis for well site deployment and reservoir development analysis in the study area.
In addition, production data can reflect the effectiveness of the reservoir directly. Therefore, oil test or well test data is one important method to verify the fracture prediction results. The test data of HX area are shown in Table 2. H-X1 and H-X2 Wells are high gas production wells, with 74.71 × 104m3/d and 96.04 × 104m3/d. H-X3 and H-X4 Wells have low gas production and slight gas production after acidification. It is confirmed that gas production is positively correlated with the predicted fracture development degree in HX block.
TABLE 2 | Well test data of HX block.
[image: A table displaying measurements from various wells. Columns include well names, top and bottom depths in meters, glib in millimeters, measure type, and gas and water output. Values show specific data for wells H-X1, H-X2, H-X3, H-X4, H-X01D, and H-X02D, with some entries indicating conditions like "After acid" or noting gas measurement in different states. Data highlights differences in gas and water production and measurements across different intervals for each well.]5.2 Prediction of favorable areas
The HX block is a typical structural gas reservoir with no obvious gas-water boundary. The reservoir gas content is controlled by the structure location, degree of reservoir development, especially fracture intensity. The gas saturation is high in higher structural locations, as well as low saturation in lower locations. Meanwhile, the reservoirs have high fracture intensity and high gas test production.
Combined analysis of geology, structure, well logging, and stress with the fracture prediction results, fracture development zones in the HX block are classified. It is shown that the high strain fracture development zone is the optimal area. Figure 13 shows the distribution map of favorable zones for fractured reservoirs in the HX block. The area near fault zones is the first-class (level I) area, the forelimb area is the second-class (level II) area, and the backlimb area is the third-class (level III) area. Oil and gas potential gradually decreases in three levels. Meanwhile, the new H-X01D and H-X02D wells are located in the first-class reservoir area. According to the well test result (Table 2), the two wells are both high-production, which is consistent with the predicted distribution of the favorable areas. Combined with the prediction conditions, it is useful to determine the next well drilling plan.
[image: Abstract map with color-coded sections marked with "Level I," "Level II," and "Level III." Red and blue texts highlight areas labeled "better" and "worth." Orange patches are scattered, and various points are marked, such as H-X02D and H-X3.]FIGURE 13 | Distribution map of favorable zone for fracture prediction in HX block.
6 CONCLUSION
The lithology of fractured reservoirs in the eastern right bank of the Amu Darya Basin can be divided into four main categories: grainstone, wackestone, packstone, and marlstone. Fractured carbonate reservoirs in the eastern Amu Darya Right Bank are characterized by low porosity and permeability, with fractures serving as primary reservoir spaces. Using conventional logging combined with imaging, nuclear magnetic resonance, far detection logging, and other special logging techniques, the fracture identification and effectiveness evaluation can be achieved. Fracture development is influenced by lithology and structural factors. In high strain areas (such as hinge zones and forelimbs), structure is a significant influence in fracture development. While in low strain areas (such as backlimb), lithofacies dominates fracture development.
Using the discontinuity attributes of seismic can help recognize the geological features of many reservoir elements. Seismic single attributes such as curvature, coherence, ant body, and likelihood are selected for fracture prediction. Based on geological and well logging analysis of reservoir fractures, use well supervised BP artificial neural network algorithm to achieve fracture prediction. In this method, seismic single attributes are trained and learned to select advantageous attributes. Then use them as input data for calculation to obtain fracture prediction probability bodies. Meanwhile, through geological and well logging calibration of seismic prediction results, it is confirmed that well-seismic fracture development characteristics are consistent, and the fracture prediction results are reliable. This method provides valuable guidance for future well drilling plan and exploration in this area. According to the results of geology, structure, well logging, stress and fracture prediction, the favorable area is determined. The first-class area is near the fault zone, the second-class area in the forelimb of the reverse fault and the third-class area in the backlimb area. The oil and gas potential of the three regions is gradually reduced.
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Understanding the reorientation mechanism of near-wellbore hydraulic fractures is very important for optimizing parameters in field fracturing treatments. In this study, a fully 2D coupled seepage–stress model based on the extended finite element method (XFEM) model is applied to investigate the fracture trajectory and reorientation. The numerical model considering pore pressure is verified by a true triaxial laboratory experiment. The results show that the fracture is generally initiated from perforation and rotates to the direction of maximum horizontal stress with different curving distances. The fracture trajectory and reorientation distance can be influenced by the rock mechanics and fracturing application parameters, including elasticity modulus, Poisson’s ratio, tensile strength, perforation angle, horizontal stress difference, and injection rate. More exact behavior of fracture propagation can be described according to the parametric study. The results provided in this paper can be clearer in the prediction of the fracture trajectory and fracturing design in the near-wellbore region.
Keywords: reorientation mechanism, seepage–stress, fracture trajectory, extended finite element method, parametric study, reorientation distance

1 INTRODUCTION
Hydraulic fractures were demonstrated to propagate in a non-planar manner in the near-wellbore region based on hydraulic fracture experiments and field micro-seismic experiments. However, the main purpose of hydraulic fracturing treatment is to provide an ideal fracture with minimum tortuosity (Feng and Gray, 2018). Diversion of hydraulic fractures is responsible for the complex morphology of fractures, which appear seriously near the wellbore (Abdollahipour et al., 2015; Luo et al., 2021; Wang et al., 2024; Salah et al., 2022; Zhu et al., 2014). These problems of complicated fracture trajectories may lead to a tremendous waste of fracturing fluid because of a higher net pressure required to support the extension of hydraulic fractures (Chen et al., 2010; Abdelaziz and Grasselli, 2024). Nevertheless, the diversion mechanism plays an important role in the success of hydraulic fracturing treatment, which is influenced by the geological factors and field operation factors. Therefore, understanding the diversion mechanism of hydraulic fractures is vital for optimizing hydraulic fracturing designs.
Hydraulic fracture is always initiated from perforation locations and wellbore flaws rather than the preferred fracture plane direction, which is the maximum in situ stress direction (Smax). The diversion after the initiation may lead to serious curve fracture propagation and aggravate fracture complexity, which can determine the final success of the hydraulic fracturing treatment. Simultaneously, severe fracture tortuosity caused by the fracture reorientation may result in a huge change in the fracture morphology, such as the fracture width and fracture length. Therefore, several experimental studies have researched the reorientation mechanism of hydraulic fractures in the near-wellbore region (Abass et al., 1995; Reza Pirhooshyaran and Nikkhah, 2021; Ahmad et al., 2021). These studies ascertained that fractures initiated from perforations and flaws and were eventually reoriented in the direction of maximum horizontal stress for the ideally planar fracture. The influence of several factors such as perforation parameters and the injection rate was also investigated in these experiments. Although experimental treatments are a vital method to understand the mechanisms and propagation behaviors in hydraulic fracturing, the expensive model and time consumption become a hindrance in the application of field hydraulic fracturing (Liu et al., 2018; Yushi et al., 2015; Zhou et al., 2010). Furthermore, the scale effect and simple experimental conditions may lead to a large deviation from the field parameters, especially in unconditional reservoirs. These limitations strongly restrict the application of experimental studies; hence, numerical and analytical methods are the preferable options for engineers and researchers.
Cherny proposed a two-dimensional model to simulate the fracture propagation with a pre-existing curvilinear fracture trajectory. The model coupled and solved one-dimensional equations of a power-law fluid flow within the fracture and two-dimensional equations of linear elasticity for the rock mass. Although the influence of fluid rheology and perforation misalignment angle on the width was investigated, the limitation of the prescribed curvilinear fracture path leads to an unreal propagation fracture path compared with the field application. An extended finite element method (XFEM) model was developed to simulate the fracture reorientation and propagation near the wellbore from a set of perforations. In these models, some parameters such as perforation angles, perforation length, stress anisotropy, and elastic properties were investigated to determine the influence of the fracture trajectory. However, the sensitive analysis of these parameters and reorientation mechanisms was not conducted in these models (Sepehri et al., 2015). Gordeliy et al. presented a 2D fluid-coupled model based on the longitudinal fractures propagated along the direction of maximum horizontal stress from the wellbore. The fluid pressure and fracture opening were solved by XFEM not only considering the rock deformation but also the viscosity-dominated regime in their model. However, their model ignores the pore elasticity of the rock mass, which is the key parameter in real reservoirs (Gordeliy et al., 2016). An XFEM model fully coupled with fluid flow and geo-mechanics stress was presented by Feng and Gray (2018) to investigate the hydraulic fracture growth near the wellbore. The model can capture the fracture reorientation morphology with the consideration of pore elasticity properties. However, fewer reorientation mechanisms are given in these numerical examples except the local stress and fluid flow. Therefore, a more available model that can not only consider the arbitrary reorientation and full seepage–stress coupling but also capture the fracture geometry is needed for the accurate description of fracture orientation (Feng and Gray, 2018).
In this work, we develop an XFEM that fully couples the seepage and stress to study the near-wellbore fracture reorientation mechanism. The model maintains the advantage of the XFEM to model arbitrary reorientation without pre-existing flaws, simultaneously considering the pore elasticity of the formation. Some sensitive parameters (e.g., elasticity modulus, Poisson’s ratio, perforation angle, horizontal stress difference, tensile strength, and injection rate) are simulated in this model. In the following section, the XFEM is first introduced. Then, the accuracy of the numerical examples is verified. Finally, the sensitive analysis of geometric and application factors is conducted to investigate the mechanism of fracture orientation in the near-wellbore region. The results provide the key parameters that affect the reorientation of the hydraulic fracture and present a precise mechanism in hydraulic fracturing design with more preference on the fracture plane.
2 MODELING APPROACH
The XFEM is a finite element method (FEM)-based crack simulation method that prevents the element from re-meshing while modeling the fracture simulation, which aims to improve the crack-tip solutions (Belytschko and Black, 1999; Moës et al., 1999). Compared to other FEM-based methods, the XFEM allows arbitrary fracture growth by adopting the enriching displacement degrees of freedom, so more realistic fracture morphology can be attained using this numerical method (Haddad and Sepehrnoori, 2015a; Liu et al., 2015; Liu et al., 2016). For the special hydraulic fracturing model that couples the seepage and stress, additional pore pressure nodes are introduced into the elements for modeling the pore elasticity material. The disadvantage of this method is that it requires a large amount of computation, and sometimes, convergence cannot be guaranteed. This section briefly summarizes the main idea of this method.
2.1 Extended finite element method
The XFEM is applied to model arbitrary discontinuities and the discontinuity in a displacement filed along the crack path without the requirement of re-meshing. The displacement field u is approximated to discrete the equilibrium equation by the special enriched functions with additional node degrees of freedom (Daux et al., 2004; Salimzadeh and Khalili, 2015; Shi et al., 2017; Somnath and Vaibhav, 2024; Marzok and Waisman, 2024). In the XFEM, the displacement u vector can be approximated as Equation 1:
[image: Mathematical equation displayed as a summation. It represents a function \( u \) as the sum of terms involving basis functions \( N_i^q(x) \). The equation includes different sums over sets \( I \in S_{\text{all}} \), \( I \in S_{\text{frac}} \), \( I \in S_{\text{slip}} \), and an additional sum over index \( i \) from one to four. Variables such as \( u_i \), \( a \), and \( b_i^p \) are included.]
where Sall is the set of all ordinary nodes; Sfrac and Stip are the set of Heaviside enrichment nodes and the set of fracture-tip enrichment nodes, respectively; uI is node degrees of freedom in a regular finite element; aI and blI represent the enrichment nodal degrees of freedom for the fracture and crack tip, respectively; NIu is the standard finite shape function of node I; H(x) is the enrichment shape jump functions; and Fl is the singular displacement field around the fracture tip.
The jump function H can be written as Equation 2:
[image: Equation defining \(H(x)\) with a piecewise function: \(H(x) = 1\) for \(x \geq 0\), and \(H(x) = -1\) for \(x < 0\).]
and x is the signed distance function vector, which determines the crack side. The values H(x)=1 or −1 represent the opposite sides on the crack wall.
The asymptotic crack-tip function Fl(x) is used to calculate the field displacement around the crack tip. This function based on the asymptotic features can be given by Equation 3:
[image: Mathematical expression within square brackets for \( F_i \) equals \([ \sqrt{\sin \frac{\theta}{2}} \sin \frac{\theta}{2}, \sqrt{\sin \frac{\theta}{2}} \sin \theta, \sqrt{\cos \frac{\theta}{2}} \cos \frac{\theta}{2}, \sqrt{\cos \frac{\theta}{2}} \cos \theta ]\) and labeled equation three.]
where r and θ are the polar coordinates at the crack tip with its origin coordinate system.
2.2 The cohesive law
The cohesive zone method (CZM) is a general method for modeling the fracture initiation and propagation by using the traction–separation relation (Carrier and Granet, 2012; Chen, 2012; Guo et al., 2015; Nguyen et al., 2017; Dandi et al., 2023). The cohesive zone (shown in Figure 1) can describe the fracture initial loading, the initial damage, and the evolution damage at the failure fracture surface.
[image: Triangle graph depicting a separation process. The x-axis is labeled "separation" and the y-axis is labeled "fraction." Points A, B, and C are marked at the vertices. Lines and arrows within the triangle indicate possible pathways or transformations.]FIGURE 1 | Cohesive traction–separation relation based on the CZM.
Damage initiation refers to the stiffness degradation of the cohesive zone in an enriched element. The process begins when the initial stress or strain conforms to special crack initiation criteria we chose. The maximum principle stress criterion is adopted in this simulation (Equation 4):
[image: The formula displayed is \( f = \left( \frac{\sigma_{\text{max}}}{\sigma_{\text{max}}^0} \right) \), labeled as equation (4).]
where σ0max is the maximum allowable principal stress. The symbol⟨⟩represents the Macaulay bracket used to indicate that pure compressive stress cannot initiate the damage. It assumes that damage will be initiated when the stress ratio f reaches the value of 1, which means that the stress magnitude is bigger than the maximum allowable principal stress of the objective.
Once crack initiation occurs, the fracture energy law can be used to evaluate the fracture evolution in the whole process. The Benzeggagh–Kenane (BK law) fracture criterion is introduced in our model as the most acceptable criterion in modeling fracture propagation. The BK law can be described as Equation 5:
[image: An equation stating: \( G_n + (G_s - G_n) \left(\frac{G_s + G_r}{G_n + G_s + G_r}\right)^v = G_s \). The equation is numbered (5).]
where G represents the energy release rate and the superscript c expresses the critical energy release rate. The subscripts n, s, and t denote normal and two shear directions, and η is a constant for the corresponding material property. In this criterion, the energy release rate of the two shear directions should be equal.
The relationship between damage and stress (normal and shear) in the traction–separation law can be represented as Equations 6–8:
[image: Equation with two conditions for \( \pi_n \): If \( \bar{T}_n \geq 0 \), then \( \pi_n = (1-D) \bar{T}_n \). If \( \bar{T}_n < 0 \), then \( \pi_n = \bar{T}_n \). Equation number (6).]
[image: Mathematical equation displayed as \( t_e = (1 - D) t_{eo} \) labeled as equation seven.]
[image: It appears there is no image uploaded. Please upload the image or provide a URL, and if you want, you can add a caption for additional context.]
where tn, ts, and tt are the stress components in traction separation behavior without damage. Here, the indexes n, s, and t represent the direction of normal stress and the two shear stresses, respectively. D is the damage variable that represents the average overall damage. In particular, no damage occurs (D=0) at the beginning of the simulation, and the cohesive element also satisfies the condition without damage under pure compressive stress. In addition, the complete degradation of the cohesive element at all integration points occurs when D=1, which means zero load-carrying capacity for these elements.
The evolution of the damage variable, D, is expressed in Equation 9:
[image: Equation showing D equals the ratio of δₙ(σₙmax - σₙ⁰) over δₙmax(δₙ⁰ - δₙ⁰'), marked as equation nine.]
where [image: Mathematical notation featuring the derivative symbol "δ" with a subscript "n" and a superscript "f".] and [image: The image contains a mathematical symbol, consisting of a lowercase delta symbol (δ) followed by subscript letters "i" and "j".] are the displacement at the complete failure and the initial opening before the damage occurs, respectively. [image: Mathematical expression showing delta subscript n with a superscript of max.] is the maximum displacement during the loading history.
2.3 Fluid flow within the fracture
The flow patterns in the pore cohesive model are shown in Figure 2, in which the tangential flow and normal flow are both taken into consideration. The continuity flow is assumed to be incompressible Newtown fluid, with the normal flow permeating into the porous medium, as well as the tangential flow across the gap opening. The pore pressure on the fracture surface can be simulated by introducing the pore pressure node in the enrichment elements. This allows the fully coupled seepage–stress hydraulic fracturing to be modeled.
[image: Diagram showing a mechanical model with cohesive elements connecting two blocks. Arrows indicate tangential flow in one direction and normal flow upward. Dashed lines represent cohesive elements.]FIGURE 2 | Fracturing flow pattern within the cohesive element.
The tangential flow formulated from the Poiseuille law can be described by Equation 10:
[image: Equation showing fluid flow: \( q_d = \frac{w^3}{12\mu} \nabla p_f \), labeled as equation (10).]
where q is the fluid volume through the fracture, w is the fracture width, μ is the viscosity of the fracturing fluid, [image: Nabla symbol followed by the lowercase letter p with the subscript f, representing a gradient or vector differential operation on a fluid pressure variable.] is the gradient of pressure along the fracture, and d is the gap opening.
The normal flow representing the fluid leak-off can be described as Equation 11:
[image: Mathematical equations showing \( x_t = c_t (p_t - p_t^*) \) and \( \pi_t = a_t c_t (p_t - p_t^h) \), labeled as equation eleven.]
where [image: Please upload the image or provide a URL, and I can help generate the alternate text for you.] and [image: If you could upload the image or provide a URL, I can generate alt text for it. If there are any particular details or context you'd like me to consider, feel free to include those as well.] are the fluid rate permeating into the up and side surfaces, respectively; [image: Please upload the image so I can help generate the alternate text for it.] and [image: Please upload the image you would like me to generate alternate text for.] are the leak-off coefficients for the top and bottom cohesive layers, respectively; [image: Please upload the image or provide a URL so I can generate the alternate text for you.] and [image: It seems there is an issue with the image upload. Please try uploading the image again or providing a URL link. Additionally, you can add a caption for more context if you’d like.] are the pore pressure on the top and bottom surfaces, respectively; and [image: It seems there was an issue with the image upload. Please try uploading the image again so I can assist with generating the alternate text.] is the pore pressure in the middle of the fracture.
As a two-dimensional fluid structure coupling model, all vertical displacements of the grid are constrained. Meanwhile, node displacement at the edge of the model is constrained to prevent the overall deviation of the model. Other related boundary conditions are combined with practice and determined in the following section.
3 MODEL VERIFICATION
In this section, we verify the capabilities of our model in simulating the hydraulic fracture reorientation near the wellbore region. In order to make our numerical model more accurate, a certain number of experiment specimens with a perforation angle of 45° are applied to investigate the reorientation mechanism, even though several laboratory experiments have been reported (Reza Pirhooshyaran and Nikkhah, 2021; Ahmad et al., 2021; Liu et al., 2018).
The laboratory experiment specimens used in our model were all three-dimensional blocks with a size of 30 cm × 30 cm × 30 cm. A true triaxial experiment system was used to realize the stress loading of in situ three direction. The perforation length and wellbore radium were 0.26 cm and 1 cm, respectively. The fluid viscosity and injection rate can be obtained at 40 mpa·s and 1.6 × 10-5 m3/s. A particular perforation angle of 45 was considered in this experiment. For the numerical model, a 2D plain strain pore pressure model with a perforation angle 45° was used to capture the fracture reorientation behavior in the near-wellbore region. As shown in Figure 3, the maximum horizontal stress (σH) and minimum horizontal stress (σh) were applied in the direction of the x-axis and y-axis, respectively. The vertical stress was applied perpendicular to the plane. The normal displacement degree of freedom at the outer boundaries of the wellbore is restricted in this numerical model. Table 1 shows all the relatively comparable input data between laboratory and numerical experiments, including material properties, treatment parameters, and boundary conditions.
[image: Three pairs of images depict stress distribution in rock samples under different stress differences. Left images show rock samples with visible fractures and stress directions. Right images display corresponding simulations with stress gradients, colored from red to blue, showing concentrations. The top pair indicates a difference of three megapascals, the middle six megapascals, and the bottom nine megapascals. Stress vectors (\( \sigma_H \) and \( \sigma_h \)) are indicated in both real and simulated images.]FIGURE 3 | Comparison between the numerical model and experiment.
TABLE 1 | Input parameters of the validation model.
[image: Table displaying various parameters and their corresponding values. Model dimension is 30 cm by 30 cm. Wellbore radius is 1 cm. Perforation length is 0.26 cm, and angle is 45 degrees. Maximum horizontal stress is 17 MPa; minimum is 8-14 MPa. Vertical stress is 20 MPa. Young’s modulus is 16.14 GPa. Poisson’s ratio is 0.18. Tensile strength is 3.2 MPa. Fracture energy is 28 N/mm. Permeability is 15 mD. Porosity is 0.12. Fluid viscosity is 40 mpa·s. Injection rate is 1.6 x 10⁻⁵ m³/s.]The hydraulic fracture initiates from the perforation location and reorients with the injection of fracturing fluid. Both laboratory and numerical results show a curving fracture that finally diverts in the direction of maximum horizontal stress. As shown in Figure 3, the numerical result shows good agreement with that of the laboratory experiment, including the fracture orientation and morphology. Therefore, the fully coupled XFEM model is a valid tool for the description of hydraulic fracture reorientation and explains the mechanism of reorientation in detail. The total duration of injection is 8.4 s.
4 RESULTS AND DISCUSSION
The fully coupled seepage–stress XFEM model described above provides a way of predicting the fracture reorientation after the fracture initiates from the near-wellbore perforation and flaw. The main advantage of this model is that arbitrary fracture trajectories can be modeled without prescribing a fracture path, and simultaneously, pore elasticity and seepage behavior are also taken into consideration. Compared to the laboratory experiment, the initial pore pressure and pore pressure boundary are considered, which are more close to the real reservoir conditions. In this section, two symmetrical fractures are modeled to investigate the mechanism of fracture reorientation in the near-wellbore region. Several sensitive parameters including geology and treatment data are modeled to capture the fracture trajectory and morphology.
The complex process of multiple coupling and stress concentration leads to a complicated mechanism of reorientation in hydraulic fracturing near the wellbore. The evaluation manner of reorientation seems difficult in many complicated fracture trajectories. Several researchers have adopted the reorientation angle to evaluate the fracture arbitrary propagation; however, the reorientation angle changes in the whole fracturing treatment. Therefore, two special reorientation distance values dx and dy are introduced to describe the reorientation of hydraulic fracture. As shown in Figure 4, dx and dy are the horizontal distance and vertical distance between the root of perforation and the location where hydraulic fracture reorients in the direction of maximum horizontal stress, respectively. Table 2 presents the parameters needed in our work, including a 2D 30 m × 30-m block that can prevent the boundary effect at this dimension. Moreover, several simulation schemes are implemented to do the parametric sensitive analysis in the following section.
[image: Diagram illustrating a wellbore with arrows showing principal stresses σₕ and σᴴ. A perforated fracture extends from the wellbore. Red dashed line represents the fracture path with measurements labeled dx and dy.]FIGURE 4 | Model construction and evaluation manner of fracture reorientation.
TABLE 2 | Input parameters of the numerical model.
[image: Table displaying various geological and engineering parameters along with their values. Parameters include model dimension (30 m × 30 m), wellbore radius (20 cm), perforation length (0.1 m), perforation angle (0°–90°), maximum horizontal stress (20 MPa), minimum horizontal stress (12–18 MPa), vertical stress (25 MPa), Young’s modulus (10–40 GPa), Poisson’s ratio (0.2–0.3), tensile strength (1.2–6.2 MPa), fracture energy (28 N/mm), permeability (10 mD), leak-off coefficient (1 × 10^-14 m/s/pa), porosity (0.12), fluid viscosity (20 mPa·s), injection rate (3 × 10^-4~11 × 10^-4 m³/s), initial pore pressure (10 MPa), and injection duration (10–15 min).]4.1 Effect of the perforation angle
To investigate the effect of the perforation angle on the near-wellbore fracture propagation, the simulation models of different angles θ=15°, 30°, 45°, 60°, 75°, and 90° are presented in this section. The sensitive parameters remain constant, i.e., elasticity modulus E=10 GPa, Poisson’s ratio υ=0.2, horizontal stress difference ▽σ=2 MPa, tensile strength σt=1.2 Mpa, and fluid injection rate Q=0.0005 m3/s. Meanwhile, the other parameters for reservoirs and fracturing treatment are identical to those given in Table 2. Figure 5 shows the complicated trajectory of hydraulic fracture with different perforation angles. It can be seen that sharper fracturing reorientation happens when the perforation angle is low, especially when the value is less than 60°. In this situation, the fracture initiates from the perforation and sharply reorients in the direction of maximum horizontal stress with relatively low propagation pressure in the fracture, while a long-curving distance fracture can be captured when the perforation angle exceeds 60°. The largest fracture propagation pressure occurs at θ=90°, which attains a high value of 33.53 MPa, as shown in Figure 5F. This is because the severe reorientation may lead to an excessive curve of the fracture morphology, which needs more fracturing fluid and higher injection pressure to maintain the propagation of fracture. Figure 6A shows the relation between the perforation angle and reorientation angle of horizontal distance dx and vertical distance dy. A larger perforation angle can result in more reorientation of the hydraulic fracture, which represents a longer reorientation distance in the vertical and horizontal directions. The largest value of reorientation dx=12.21 m and dy=7.24 m can be achieved at the perforation angle θ=90°. However, the sharpest change in the reorientation distance occurs when the angle increases from θ=60° to θ=75°, corresponding to the distance change from dx=2.83 m to dx=11.83 m and dy=1.21 m to dy=6.64 m. In order to obtain easier fracture propagation and proppant placement, a lower curving distance of fracture is needed in the filed application. Therefore, a lower perforation angle adjusted to be less than 60° should be adopted to obtain a plane fracture according to our simulation model.
[image: Six contour plots displaying pore pressure measurements in a saturated specimen under different inclinations (15, 30, 45, 60, 75, and 90 degrees). Each plot includes a color scale from dark blue (low pressure) to red (high pressure), depicting the variation in pore pressure distribution across the specimen as the angle increases.]FIGURE 5 | Reorientation trajectory of hydraulic fracturing at different perforation angles [(A). Perforation angle 15°; (B). Perforation angle 30°; (C). Perforation angle 45°; (D). Perforation angle 60°; (E). Perforation angle 75°; (F). Perforation angle 90°].
[image: Six graphs display the relationship between maximum fracture distance and various parameters. Graph (a) shows a sharp increase with perforation angle. Graph (b) depicts a linear rise with elasticity modulus. Graph (c) shows a gradual increase with Poisson's ratio. Graph (d) indicates a steady rise with tensile strength. Graph (e) shows a decrease with horizontal stress difference. Graph (f) displays an increase with injection rate. Each graph has a legend for lines h1 and h2.]FIGURE 6 | Horizontal and vertical reorientation distance of the reorientation fracture under different parameters [(A). Perforation angle; (B). Elasticity modulus; (C). Poisson’s ratio; (D). Tensile strength; (E). Horizontal stress difference; (F). Injection rate].
4.2 Effect of elasticity modulus
The elasticity modulus is an important property affecting the fracture propagation in hydraulic fracturing treatment. In all four cases, the perforation angle has the same value of θ = 60° and the fluid injection rate remains constant at 5 × 10-4 m3/s. Then, tensile strength, Poisson’s ratio, and horizontal stress difference are fixed at 1.2 MPa, 0.2, MPa and 2 MPa, respectively. The other parameters are given in Table 2. As expected, the fracture initiates from the perforation and rotates to the direction of maximum horizontal stress with different values of elasticity modulus. However, a larger elasticity modulus results in a larger curving distance and more reorientation before the fracture rotates to the direction of maximum horizontal stress. Meanwhile, a larger elasticity modulus can also lead to a higher fracture propagation pressure, which can make the fracture grow longer and narrower in the same injection condition. The maximum propagation pressure and fracture length among all the four cases reach up to 36.88 MPa and 13.4 m, respectively. Nevertheless, the fracture width decreases to the lowest value of 6 mm in all four scenarios. Figure 6B shows the transformation law of reorientation distance with different elasticity moduli. The larger elasticity modulus exhibits longer reorientation distance in both the vertical and horizontal directions, but the distance scope changes less when the elasticity modulus increases from 10 GPa to 40 GPa. For example, the vertical reorientation distance only changes from 1.21 m to 1.52 m, and the horizontal reorientation distance changes from 2.83 m to 4.36 m. Therefore, the elasticity modulus can influence the morphology of fracture with a higher elasticity modulus, resulting in a long curving distance and more reorientation for hydraulic fracture. In addition, a larger elasticity modulus contributes to generating a longer and narrower fracture in the same injection condition. Partly in the same injection condition, the hydraulic fracture can penetrate deep into the reservoir with a large elasticity modulus when the fracture finally returns to the direction perpendicular to the minimum horizontal stress.
4.3 Effect of Poisson’s ratio
The effect of different Poisson’s ratios υ = 0.20, 0.22, 0.24, 0.26, 0.28, and 0.30 on the propagation trajectories of hydraulic fracture is studied in this section. The fluid injection has the same value of 0.0005 × 10-4 m3/s, and the elasticity modulus remains constant at 10 GPa. Furthermore, tensile strength, horizontal stress difference, and perforation angle are 1.2 MPa, 2 MPa, and 60°, respectively. The other simulation parameters are listed in Table 2. The fracture tends to initiate in the direction of the original perforation and finally turns to the direction of maximum horizontal stress. A larger value of Poisson’s ratio can lead to a larger propagation pressure in the fracture, increasing from 22.91 MPa to 24.49 MPa in the all six models. Second, the change in fracture morphology can be hardly observed in the different schemes of different Poisson’s ratios. It is obvious that the change in Poisson’s ratio can influence the propagation condition and fracture morphology with limited scope. Figure 6C shows the relation between the reorientation distance and Poisson’s ratio. Both vertical and horizontal reorientation distances increase as Poisson’s ratio increases; yet the values of the distance change less. In particular, the vertical reorientation distance only increases from 1.42 m to 1.45 m, increasing by only 0.03 m. It can be seen that the reorientation and trajectory of hydraulic fracture are generally slightly influenced by the change in Poisson’s ratio.
4.4 Effect of tensile strength
Tensile strength should be a key crack parameter of rock mass in the hydraulic fracturing treatment. To analyze the reorientation mechanism of fracture, the effect of different tensile strengths σt = 1.2 MPa, 2.2 MPa, 3.2 MPa, 4.2 MPa, 5.2 MPa, and 6.2 MPa is discussed in this section. The other five sensitive parameters should be kept constant, i.e., elasticity modulus E = 10 GPa, perforation angle θ=60°, Poisson’s ration υ=0.2, horizontal stress difference ▽σ = 2 MPa, and injection rate Q = 5 × 10-4 m3/s. Other parameters, including fracturing treatment and rock mechanics, are consistent with those given in Table 2. The fracture trajectory and behavior of hydraulic reorientation can be significantly influenced by transforming the tensile strength. A long curving distance and complicate trajectory can be captured in the larger-tensile strength scheme. It is worth noting that more reorientation occurs in the propagation of hydraulic fracture with the increase in tensile strength. Simultaneously, a great increase in propagation pressure within the fracture can be observed when the tensile strength increases, for instance, the propagation pressure can reach up to approximately 33.83 MPa when σt = 6.2 MPa. Furthermore, the geometry of fracture, including the fracture length and width, also changes with the increase in tensile strength. The maximum fracture opening attains an extremely large value of 1.77 cm when tensile strength is 6.2 MPa, while a low fracture width of 1.07 cm is obtained when tensile strength is 1.2 MPa. The vertical and horizontal reorientation distances are influenced by tensile strength, as shown in Figure 6D. Both vertical and horizontal reorientation distances increase with the increase in tensile strength; in particular, the horizontal reorientation distance increases more than the vertical reorientation distance. Therefore, a long curving distance is associated with a larger tensile strength, which can cause more serious reorientation and complicated trajectory of fracture propagation.
4.5 Effect of horizontal stress difference
Horizontal stress difference controls the main mechanism of fracture reorientation, as proven by several researchers (Zou et al., 2018). The perforation angle and injection rate are fixed at θ = 60° and Q = 5 × 10-4 m3/s, respectively. Reservoir parameters including elasticity modulus, Poisson’s ratio, and tensile strength have the same values of E = 10 GPa, υ = 0.2, and σt = 1.2 MPa, respectively. Other parameters are consistent with those given in Table 2. The fracture trajectory with increasing horizontal stress is significantly different in all six simulation cases. A lower horizontal stress difference can result in a more complicated trajectory. Lower propagation pressure within the fracture causes the increase in horizontal stress difference, which will result in quick reorientation of the initiated fracture. In particular, the trajectory of the hydraulic fracture shows a sharp reorientation after initiating from the perforation when the horizontal stress difference exceeds 8 MPa. Figure 6E shows the revolution of the reorientation distance with the increase in horizontal stress difference. The horizontal reorientation distance shows a more obvious decrease than the vertical reorientation distance. The vertical reorientation stress changes from 0.05 m to 1.21 m, which can hardly be ignored. Therefore, without sufficient knowledge about the direction of in situ stress, a larger stress difference may cause a timely reorientation of the near-wellbore fracture, for which less reorientation and simple fracture trajectory will be obtained to benefit for the fracture propagation and proppant placement.
4.6 Effect of the injection rate
The fluid injection rate is an important factor that influences the propagation behavior of the hydraulic fracture. In this case, different trajectories of hydraulic fracture for different injection rates (Q = 3 × 10-4 m3/s, 5 × 10-4 m3/s, 7 × 10-4 m3/s, 9 × 10-4 m3/s, 1.1 × 10-3 m3/s, and 1.3 × 10-3 m3/s) with a perforation angle θ=60° are established. The reservoir parameters have the same values in all six cases, i.e., elasticity modulus E = 10 GPa, Poisson’s ratio υ = 0.2, tensile strength σt = 1.2 MPa, and horizontal stress difference ▽σ = 2 MPa. Other parameters are consistent with those presented in Table 2. It can be concluded that a larger propagation pressure within the fracture should be provided for extension with the increase in the injection rate. Furthermore, a higher injection rate creates a wider fracture along the direction of the perforation angle after the fracture initiates. It should also be noted that a more complicated fracture trajectory that takes up more fracturing time in reorienting to the direction of maximum horizontal stress is formed because of the large injection rate. The reorientation distance increases with the increase in the injection rate, as shown in Figure 6F. The larger horizontal reorientation distance dx can be observed when the injection rate increases to Q = 1.3 × 10-3 m-3/s compared with the vertical reorientation distance dy. Second, the vertical reorientation distance dy changes in a relatively less range, just increasing from 0.94 m to 6.34 m with the increase in the injection rate in all six cases. Therefore, a larger curving distance can be achieved at a higher injection rate, which needs more fluid volume to extend a longer reorientation fracture. This is because the larger reorientation fracture along the perforation angle is more likely to be generated because of the large propagation pressure within the fracture, which is provided by the high injection rate. For a longer and preferred fracture plane, a lower injection rate is recommended for easier reorientation at the beginning of the fracturing; however, a larger injection rate should be adopted to generate a longer and wider fracture after the initiated fracture finally rotates to the direction of maximum horizontal stress.
The above research conclusions have a reference value for perforation schemes in practical engineering applications. The degree of distortion of fractures under different geological conditions can be foreseen to a certain extent, which is beneficial for the utilization of remaining oil.
5 CONCLUSION
A fully coupled seepage–stress model based on XFEM was developed to predict the arbitrary propagation path in the near-wellbore region. Pore pressure and pore elasticity were also considered in this model, according to the pore pressure cohesive zone method. The sensitive parameters including rock mechanics and fracturing treatment are adopted to do extensive research for explaining the fracture reorientation mechanism in detail. Then, a true triaxial laboratory experiment was applied to verify the accuracy of the numerical simulation. The results show that the fracture trajectory and behavior of reorientation are influenced by the reservoir and fracturing treatment parameters, including elasticity, Poisson’s ratio, tensile strength, horizontal stress difference, perforation angle, and injection rate. Fracture growth always initiates from the perforation angle and then rotates to the direction of maximum horizontal stress. However, larger values of rock mechanics parameters including elasticity, Poisson’s ratio, and tensile strength can cause more reorientation and a longer curving distance of the hydraulic fracture. Meanwhile, larger propagation pressure within the fracture may occur, which can reduce the length of fracture under the same injection condition. A larger horizontal stress difference may lead to a smaller fracture curvature; in particular, a sharp reorientation happens when stress difference exceeds 8 Mpa. For the parameters of the injection rate, high injection rates cause longer propagation along the original perforation angle, which leads to a longer reorientation distance. Simultaneously, higher propagation pressure within the fracture can be observed in a larger injection rate, which also generates a wider fracture. A smaller perforation angle can result in less reorientation of the fracture, which is more likely to be parallel to the direction of maximum horizontal stress. These simulation results can be used to optimize the fracturing treatment parameters from a near-wellbore region.
6 RECOMMENDATIONS
The results of the numerical simulation can be further used for engineering design guidance such as perforation optimization. However, there is currently insufficient research on micro-level perforation, and it is recommended to continue optimizing the model in the future.
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During the development of loose sandstone reservoirs, the issue of production decline and bottomhole pressure reduction caused by particle migration is widespread, directly impacting well productivity. Understanding the mechanism of particle migration in sandstone and determining the main factors affecting this process are crucial for improving oilfield development. This study focuses on an offshore oilfield and utilizes real digital core models constructed through CT scanning technology. Numerical simulations of fluid-solid coupling were conducted using Fluent and EDEM software to establish a coupled particle-oil-water flow model. This model was employed to investigate particle blockage modes and the effects of particle size, concentration, and injection rate on particle migration in the reservoir. The results indicate that particle migration primarily occurs in two blockage modes: pinhole blockage and bridging blockage. In sandstone, particle retention rates are primarily controlled by particle size, with larger pore-to-particle size ratios leading to higher retention rates. Particle concentration and injection rate have relatively minor effects on the final retention rate. As for migration distance, particle size significantly influences migration, with larger pore-to-particle size ratios resulting in shorter migration distances. Under low concentration conditions, concentration has a minimal effect on migration distance. However, as the injection rate increases, migration distance also increases. In summary, this study clarifies the particle migration mechanisms and the key factors controlling migration in sandstone formations, providing valuable theoretical support for oilfield development.
Keywords: loose sandstone, particle migration, digital core, reservoir damage, CT scanning

1 INTRODUCTION
Amid the continuous growth of global energy demand, oil remains one of the primary energy sources (Rahman and Miah, 2017; Mwakipunda et al., 2023). However, as conventional oilfield development enters the mid-to-late stages, the issue of reservoir damage has become increasingly prominent, leading to a decline in oilfield production, which subsequently affects development efficiency and economic viability (Yang et al., 2021; Shokrollahi et al., 2015; Song et al., 2021). Therefore, how to effectively control reservoir damage and enhance recovery rates has become a key technical challenge in oilfield development (Zhang et al., 2020). Particle migration refers to the detachment of solid particles from the rock matrix under the driving force of fluid, followed by their migration through pore channels, eventually accumulating in narrow areas and forming blockages (Okere et al., 2023; Halim et al., 2022; Ikemoto et al., 2023). This phenomenon is particularly evident in loose sandstone reservoirs, where clay minerals (such as kaolinite, illite, and illite-montmorillonite mixed layers) are prone to detachment under fluid erosion, entering the pore fluid (Chen et al., 2017; Chen et al., 2023). As one of the main forms of reservoir damage, particle migration is widely considered a core factor leading to reduced reservoir permeability and decreased well productivity. Especially in loose sandstone reservoirs, the frequent occurrence of particle detachment and migration, due to the loosely structured reservoir, results in severe reservoir blockages, directly impacting oilfield development efficiency (Zeinijahromi et al., 2012; Xing et al., 2023; Miri et al., 2022; Xu et al., 2024).
The Bohai Sea region is one of China’s key offshore oil and gas production areas (Radwan, 2021; Radwan et al., 2022; Fernandes et al., 2023). Exploration results indicate that the reservoirs in this block exhibit favorable properties, with an average porosity of 27.1% and an average permeability of 1,178.1 mD, showing typical characteristics of high porosity and high permeability (Zhang et al., 2017; Liu et al., 2015; Chao et al., 2017; Guo et al., 2019). However, the reservoir structure is loosely consolidated and primarily filled with clay minerals, making the issue of particle migration particularly prominent. Production data show that more than half of the wells in the field experience early production decline and bottomhole pressure reduction, closely linked to particle migration and pore blockages (Xue et al., 2021; Zhu, 2009). To address this issue, extensive experimental and simulation studies have been conducted to reveal the mechanisms by which particle migration affects well productivity. Traditional experimental methods simulate particle migration through laboratory core flow experiments, assessing the dynamic impact of particles on reservoir permeability. However, laboratory studies are limited by the complexity of obtaining core samples and experimental conditions, making it difficult to accurately replicate the microstructure of the reservoir and particle migration behavior. With the advancement of computer technology, digital core models based on CT scanning technology provide a new solution for simulating particle migration (Lei, 2020). Digital core technology captures the internal pore structure of rocks through high-precision CT scanning, generating three-dimensional geometric models that more accurately reflect the pore morphology of the reservoir, providing a realistic geometric foundation for numerical simulations (Lin et al., 2017; Hertel et al., 2018; Wu et al., 2024). Combining Fluent and EDEM software for fluid-solid coupling numerical simulations enables the dynamic simulation of particle migration paths, retention behaviors, and their impact on reservoir permeability (Farokhian et al., 2019; Sun et al., 2023; Reilly et al., 2017; Liu et al., 2009).
In this study, real digital core models of a typical block from an oilfield were constructed based on CT scanning technology. A numerical model of particle-oil-water three-phase flow was established using Fluent and EDEM software. Through this model, we systematically studied the effects of key parameters such as particle size, concentration, and injection rate on particle migration behavior, and analyzed the time-varying effects of particles on reservoir permeability under different blockage modes. Additionally, by fitting the simulation results with field production data, the accuracy of the model was further validated, providing reliable support for particle control strategies in oilfield development, as well as offering theoretical support for the efficient development of loose sandstone reservoirs.
2 METHODS AND MATERIALS
2.1 Construction of real digital core using CT scanning
This study selected three typical sandstone samples with varying permeability characteristics. Figure 1 and Table 1 present the detailed features of these rock samples from different formations, respectively. Using 3D CT scanning technology, the internal structure of the rocks, including the skeleton and pore features, was captured in detail. After cleaning and calibrating the collected data, binarization and threshold segmentation techniques were applied to generate high-quality geometric and STL models. Based on this, a meshing tool was used to divide the digital core model into multiple computational units, thereby accurately establishing the computational domain and corresponding boundary conditions.
[image: Three 3D renderings of pore structures labeled S1, S2, and S3, each above a corresponding bar chart. The bar charts display pore size distribution in micrometers, with the vertical axis representing percentage proportion. Each chart shows varying distributions across similar pore size ranges.]FIGURE 1 | (A): Digital core modeling of cores with different reservoir properties. (B): Pore throat distribution characteristics of cores with different reservoir properties.
TABLE 1 | Table of physical parameters for cores from different reservoirs.
[image: Table showing porosity and average permeability for samples S1, S2, and S3. Porosity: S1 is 14.1%, S2 is 17.4%, S3 is 23.8%. Permeability: S1 is 259 mD, S2 is 1,078 mD, S3 is 2,159 mD.]The next simulation experiments will be evaluated in detail on the three sets of previously constructed digital core models. The dynamic behavior of particles during oil-water displacement, including their trajectory, retention time in the pore space, and specific distance migrated, is systematically analyzed through the precise adjustment of key parameters such as particle size and injection concentration. Based on the simulation results, the primary modes of particle migration, controlling factors, and their temporal variation patterns were further quantified, clarifying the migration behavior of particles in the reservoir and the pore blockage modes they induce.
2.2 EDEM-fluent coupling principle
The EDEM-Fluent coupling method ingeniously combines the advantages of the Discrete Element Method (DEM) and Computational Fluid Dynamics (CFD) to provide an advanced technical approach for accurately simulating particle movement in complex flow fields. EDEM primarily handles the microscopic movement of particles and their interactions, while Fluent is used to compute the flow characteristics of fluids. This coupling method enables a comprehensive and accurate description of particle dynamics in fluids and the interactions between particles and the fluid. In the specific coupling simulation process, Fluent first simulates the flow of water and oil to obtain flow field distribution information. Fluent, using the volume of fraction method (VOF), tackles the solution of the Navier-Stokes equations and the patio-temporal discretization within the framework of computational fluid dynamics (CFD). The continuity equation is Equation 1.
[image: Mathematical equation showing the partial derivative of alpha sub-f with respect to time plus the gradient of the product of alpha sub-f and velocity vector u equals zero, labeled as equation one.]
where [image: It seems there is an issue with the image upload. Please try uploading the image file again or provide a URL to the image if available.] is volume fraction of the fluid phase; [image: Partial derivative of alpha with respect to t, represented as \(\frac{\partial \alpha}{\partial t}\).] is partial derivative of the fluid volume fraction with respect to time; [image: Divergence of the product of alpha sub f and u sub f, represented as nabla dot open parenthesis alpha sub f u sub f close parenthesis.] is divergence of the product of fluid volume fraction and fluid velocity vector. The momentum conservation equation (N-S equation) for the fluid phase is Equation 2.
[image: Equation showing fluid dynamics: the derivative of the product of alpha and mu sub f with respect to time, plus the divergence of the product of alpha, mu sub f, and Omega sub f, equals the negative product of alpha sub f and the gradient of pressure divided by density sub f, plus the divergence of the product of alpha and tau, plus the product of alpha, g sub f, minus F sub p. Equation number two.]
where [image: Partial derivative of the product of alpha, rho, and U sub f with respect to time, denoted as partial alpha rho U sub f over partial t.] is partial derivative of the product of fluid volume fraction and fluid velocity vector with respect to time; [image: Gradient operator applied to the product of alpha sub f, velocity vector u sub f, and the dyadic product of u sub f.] is divergence of the outer product of fluid velocity vector with itself, multiplied by the fluid volume fraction; [image: Mathematical expression showing negative alpha sub f multiplied by the gradient of pressure divided by rho sub f.] is negative product of fluid volume fraction, gradient of pressure, and inverse of fluid density; [image: Mathematical expression depicting the divergence of the product of alpha sub f and tau, represented by the nabla symbol followed by a dot and parentheses enclosing \(\alpha_f \tau\).] is divergence of the product of fluid volume fraction and stress tensor; [image: The image contains the mathematical expression consisting of the Greek letter alpha followed by subscripts f and g.] is product of fluid volume fraction and gravitational acceleration vector; [image: Please upload the image or provide a URL to it so that I can generate appropriate alt text for you.] is particle-phase force per unit volume. The phase equation of the VOF model is Equation 3.
[image: Partial differential equation depicting fluid dynamics, showing conservation of momentum: the partial derivative of alpha and mu with respect to time plus divergence of alpha, mu, and omega mu equals negative alpha f times gradient P over rho f plus divergence of alpha tau plus alpha rho g minus F p.]
This flow field data is then transmitted to EDEM as boundary conditions to control particle movement. Upon receiving the flow field data, EDEM calculates the forces acting on the particles within the flow field, such as drag force, lift force, gravity, and capillary force, and updates the position and velocity of the particles.
For the coupling between fluid flow and particle motion, the resolved CFD-DEM method is used in this model to calculate the momentum exchange between fluid and particles. In the DEM approach, based on Newton’s second law, the governing equation for the motion of particle with mass [image: Mathematical notation of m subscript p comma i, indicating a variable or parameter with indices p and i.] can be presented as Equation 4.
[image: Equation showing the rate of change of momentum for particle 'p': \(\frac{d \mathbf{u}_p}{dt} = m_p \mathbf{a}_p = \mathbf{F}_{cd} + \mathbf{F}_{fj} + \mathbf{F}_{pj} + \mathbf{F}_{vd} + \mathbf{F}_{bi}\), labeled as equation (4).]
where [image: I'm sorry, I can't identify the content of the image based on the input provided. Please upload the image or provide a URL, and I can help generate the alt text.] is mass of the particle; [image: Please upload the image or provide a URL, and I will generate the alt text for you.] is time derivative of the velocity of particle; is acceleration of particle; [image: The image depicts the mathematical notation \( F_{c,i} \), where \( F \) is a variable with subscripts \( c \) and \( i \), often used in equations to represent specific components or factors in scientific contexts.] is contact force on particle which includes normal and tangential components; [image: It looks like there was an error in uploading or displaying the image. Please try uploading the image again or provide a description for assistance.] is fluid drag force on particle; [image: The image shows the mathematical expression \( F_{p,i} \).] is pressure gradient force on particle; [image: It appears there was no image provided. Please upload the image or provide a URL, and I will assist you in generating the alternate text for it.] is viscous force on particle; [image: Sorry, I can't help with that request.] is buoyancy force on particle. The Hertz model is used to calculate the particle-particle and particle-wall contact force, as shown in Equation 5.
[image: Mathematical expression displaying the force \( F_c \) is composed of \( F_{u_l} \) and \( F_{u_c} \). The equation shows \( F_c = F_{u_l} + F_{u_c} = (k_s \delta_{ij} - \gamma_s \Delta \mu_p n_{ij}) + (k_t \delta_{ij} - \gamma_t \Delta \mu_p t_{ij}) \), labeled as equation (5).]
where [image: Equation displaying \( F_{n,i} \).] is normal contact force component on particle; [image: Certainly! Please upload the image or provide a URL, and I will generate the alternate text for you.] is tangential contact force component on particle; [image: It seems like there may have been an issue with the image upload. Please try uploading the image again, and I will help generate the alternate text for it.] and [image: Please upload the image or provide a URL, and I will generate the alternate text for you.] are the elastic and viscoelastic constants; respectively; [image: It seems there is no image provided. Please upload the image or provide a URL for it, and I can help generate the alternate text.] and [image: Please upload the image or provide a URL so I can generate the alternate text for you.] are the unit vectors in the normal and tangential direction; respectively; [image: Mathematical expression showing the Greek letter Delta followed by a lowercase "u" with subscript "p, i".] is the relative velocity with respect to particle i; [image: Please upload the image or provide a URL so I can generate the appropriate alt text for it.] is the overlap distance between two particles that are under contact. The Di Felice model [34] isadopted to calculate the fluid drag force, as shown in Equations 6–9.
[image: Equation showing the formula for \(F_{ij}\), which is expressed as \(\frac{1}{2} \rho (|u_{p} - u_{l}| (u_{p} - u_{l})) C_{d,l} \frac{\pi d_{p}^{2}}{4} a_{f}^{2-x}\), marked as equation number 6.]
[image: Equation representing the drag coefficient \( C_{d,p} = \left( 0.63 + \frac{4.8}{\text{Re}_p^{0.5}} \right) \) labeled as equation (7).]
[image: Equation for relative Reynolds number, \( Re_{f} = \frac{\rho_{f} D_{p} |\mathbf{u}_{\infty} - \mathbf{u}_{p}|}{\mu_{f}} \), labeled as equation (8).]
[image: Mathematical equation displaying \(\zeta = 3.7 - 0.65 \exp\left(\frac{(1.5 - \log Re)^2}{2}\right)\), labeled as equation (9).]
where [image: It seems the image was not uploaded. Please try uploading the image again, and optionally add a caption for additional context.] is drag coefficient; [image: Stylized representation of the lowercase letters "R" and "e" in a serif font with a subscript "i".] is Reynolds number for particle Fluid density; [image: Mathematical expression showing the absolute difference between two variables: \( u_{f,p} \) and \( u_{p,i} \), enclosed within vertical bars.] is absolute value of the difference between fluid velocity and particle velocity; [image: Mathematical expression with a lowercase letter "d" subscripted by "p, i".] is diameter of particle; [image: The image shows the mathematical symbol "μf", which typically denotes a microfarad, a unit of capacitance.] is dynamic viscosity of the fluid; [image: Please upload the image or provide a URL for which you need the alternate text.] is a correction factor for the drag coefficient. The viscous force and pressure gradient force acting on particle i are calculated by Equations 10, 11.
[image: The image contains a mathematical equation represented as \( F_{\text{w}} = - (\nabla \cdot T) V_{p, \text{d}} \), numbered as equation (10).]
[image: A mathematical equation representing force, F subscript alpha beta equals negative del of P multiplied by V subscript p alpha dot.]
where [image: Mathematical expression showing the divergence of the tensor field, denoted as del dot tau sub f, within parentheses.] is divergence of the fluid stress tensor; [image: Mathematical notation showing the variable \( V \) with subscripts \( p \) and \( i \).] is volume of particle, [image: The image shows the gradient symbol (∇) followed by the letter "p", representing the mathematical notation for the gradient of a scalar field, often used in physics and engineering to denote the pressure gradient.] is gradient of pressure.
The updated particle information is fed back to Fluent for the next time step of flow field calculations. This iterative cycle continues until the simulation conditions are met. Through this process of data exchange and iterative updates, EDEM and Fluent work in coordination to simulate particle movement in complex flow fields. This method allows for in-depth investigation of the effects of factors such as flow velocity, pore structure, and particle size on particle movement. Additionally, it provides important references and guidance for particle control, reservoir management, and optimization in field applications.
3 3. RESULTS AND DISCUSSION
3.1 Two modes of particle blockage
Figure 2 reveals two primary mechanisms of particle blockage: pore throat blockage and bridging blockage. These two modes are induced by particles of different sizes, each exerting varying degrees of influence on fluid flow within the reservoir. Pore throat blockage is typically caused by larger particles that cannot pass through pore entrances or become lodged in narrow sections of the throats, forming blockages. Pinhole blockage is typically caused by larger particles that cannot pass through pore entrances and become lodged in narrow sections of the flow path, forming blockages. This type of blockage directly reduces the effective cross-sectional area of the flow channel, increasing local flow resistance and leading to a decrease in flow rate. The impact of pinhole blockage is confined to pore entrances, but its restricting effect on flow channels is pronounced, especially in reservoirs with higher permeability. Bridging blockage, on the other hand, is caused by smaller particles. These smaller particles can enter the pore spaces and gradually accumulate within the pore channels, forming unstable bridge-like structures. These structures not only trap subsequent migrating particles but may also strengthen over time, eventually leading to partial or complete pore blockage. Bridging blockage significantly affects the overall flow capacity of the reservoir’s pore network, potentially causing a severe reduction or even cessation of fluid flow. In summary, pore throat blockage pinhole blockage and bridging blockage have distinct effects on reservoir fluid flow. The former primarily impacts the cross-sectional area at flow channel entrances, while the latter may lead to deeper, more extensive blockages within the reservoir.
[image: Illustration of a granular material with highlighted particle movements. Two detailed segments are shown: a pinnate blockage with large particles, and a bridging blockage with small particles. Both segments are connected to the main illustration with red arrows.]FIGURE 2 | Schematic diagram of particle migration blockage modes. (Red: blockage particles; Blue: flowing particles).
3.2 The impact of particle retention rate
Particle retention rate refers to the proportion of particles retained in porous media due to physical and chemical interactions, serving as a key indicator for assessing the impact of particle migration on reservoir damage. Based on previous literature reviews and a detailed analysis of the rock properties in the target block, this study focuses on particle retention rate as the core evaluation parameter, systematically evaluated the retention rates of cores with different permeabilities under different conditions. The results in Figure 3 indicate that the low-permeability sandstone sample S1, due to its smaller pore throat radius, experiences more pronounced physical and chemical interactions between the particles and the rock surface, as well as among the particles themselves during flow. This strong interaction leads to significant accumulation and retention of particles at the core inlet, with a retention rate of 100%, demonstrating a severe blockage effect. As the pore throat radius increases, the interactions between particles and the rock surface, as well as between particles, gradually weaken, and the particle retention rate shows a significant downward trend, reflecting the importance of pore structure in the particle migration and retention process. This study shows that pore throat size and particle retention rate exhibit an inverse relationship, providing a strong theoretical basis for reducing particle blockage during reservoir management and water injection development.
[image: Nine scatter plots show retention efficiency versus injection volume across different scenarios labeled S1, S2, and S3. Each row of plots represents different conditions labeled (a), (b), and (c). Data points are marked with open and filled symbols representing total, refrac, and relin metrics. Retention efficiency generally increases with injection volume across scenarios.]FIGURE 3 | The impact of different factors on particle retention rate in different cores. (A) Impact of particle size. (B) Impact of particle concentration. (C) Impact of particle injection rate. S1: 259 mD; S2: 1078mD; S3: 2159mD.
3.2.1 The impact of particle size on retention rate
Particle retention rate is influenced by the interplay of physical and chemical interactions, and it serves as a key indicator for assessing the impact of particle migration on reservoir damage. Based on the previous core CT scanning results, particle sizes are set to 8 μm, 20 μm, and 50 μm, representing small, medium, and large particles in the reservoir, respectively. The simulation of the impact of different particle sizes on retention rate shows that as particle size increases, the retention rate gradually rises. The analysis of Figure 3A clearly indicates the presence of a critical particle size threshold during the particle migration process. When particle size exceeds this threshold, the particles can no longer pass through the core’s pore structure and are entirely retained within the core. This critical size threshold is closely related to the pore throat size of the rock—smaller pore throats correspond to smaller critical size thresholds. In other words, the pore structure of the rock significantly controls particle retention behavior, with larger particles having a higher retention probability in small pore throat reservoirs, making reservoir blockage more likely. The study also shown that particle retention is not only correlated with particle size, but is also influenced by the injection volume. As the injection volume increases, the retention rate increases until it reaches a constant. In summary, the particle retention rate is a multifaceted parameter that is influenced by the complex interactions between particles and the rock matrix, as well as the injection volume.
3.2.2 The impact of particle concentration on retention rate
Particle concentration not only affects the distribution and migration patterns of particles in pores but also has a significant impact on the retention rate. The simulated results experimental data presented in Figure 3B reveal that, under low-permeability sandstone conditions, particle concentration does not significantly affect the final retention rate. This is due to the dense pore structure of low-permeability sandstone, where even at lower particle concentrations, particles quickly accumulate during flow, blocking the pore network and causing nearly all particles to be retained in the reservoir. However, as particle concentration increases, the rate of particle retention accelerates. This may be because higher particle concentrations facilitate the faster formation of bridging structures, further accelerating the pore blockage process. Bridging is particularly significant in particle retention, as they can trap subsequent particles and strengthen over time, potentially leading to partial or complete clogging of pores. In medium to high-permeability sandstone, an increase in particle concentration has a certain effect on the final retention rate, but the increase is not substantial. This is likely because medium to high-permeability sandstone has better pore connectivity, allowing particles to continue migrating through unblocked channels during flow. Despite the increase in particle concentration, the openness and connectivity of the pores provide more flow paths for particles, preventing a significant rise in retention rate. Overall, particle concentration accelerates the blockage process in low-permeability sandstone, while its effect in medium to high-permeability sandstone is relatively limited.
3.2.3 The impact of injection rate on particle retention rate
The impact of injection rate on particle retention rate can reveal the dynamic behavior of particles under fluid-solid coupling mechanisms, aiding in a deeper understanding of particle flow characteristics within the reservoir. Under simulation conditions where particle concentration remains constant, the effect of injection rate on particle retention rate is analyzed. The results in Figure 3C show that the injection rate does not significantly affect the final particle retention rate. This may be because, at a fixed particle concentration, increasing the injection rate does not significantly alter the number of particles entering the reservoir per unit of time, thus having a limited effect on the final retention rate. However, an increase in injection rate significantly shortens the time required for particles to reach a stable retention rate. This indicates that at higher injection rates, particles can enter the reservoir more quickly and reach dynamic equilibrium, or a stable retention rate, in a shorter period. Therefore, while the final retention rate is not notably changed by variations in injection rate, higher injection rates accelerate the particle migration process. In practical production, although injection rate does not directly affect the final amount of particle retention, it can speed up the interaction between particles and the reservoir, allowing the system to reach a stable state in a shorter time. This acceleration allows the system to reach a stable state in a shorter time. In conclusion, the injection rate is a significant parameter that affects the dynamic behavior of particles within reservoirs. Although it does not directly alter particle retention rate, it can significantly influence the time required for particles to reach a stable retention rate.
3.2.4 Analysis of the main-controlling factors affecting retention rate
To investigate the main control factors affecting retention, the injection volumes required to achieve a specific retention rate (100%, 60%, 40%) for each of the three different models (S1, S2, S3) were analyzed and performed a principal component analysis (PCA). PCA is a feature extraction technique that generates new features, known as principal components, by combining and transforming the original features of a dataset. These principal components capture the most important features of the data and are commonly used for downscaling and feature extraction. The most critical formula in PCA is eigenvalue decomposition. For the dataset [image: Please upload the image so I can generate the alt text for it.], each feature is subtracted by its corresponding mean to obtain the centered data, as shown in Equation 12.
[image: Equation showing a mathematical expression: \(X_{\text{c}} = X - \overline{X}\), labeled as equation 12.]
Based on the centered data, the covariance matrix [image: Please upload the image or provide a URL, and I can help generate the alternate text for it.] is calculated as in Equation 13.
[image: Mathematical equation showing Z equals one divided by m, multiplied by the summation from t equals one to m of X subscript t multiplied by the transpose of X subscript t. This is equation thirteen.]
Perform eigenvalue decomposition on the covariance matrix to obtain the eigenvalues and their corresponding eigenvectors. Select the first [image: Please upload the image or provide a URL, and I will generate the alternate text for you.] eigenvectors corresponding to the largest eigenvalues as the principal components. These eigenvectors form the projection matrix [image: It seems there is no image attached. Please try uploading the image again or provide a URL. You can also include a caption for additional context.]. Project the centered dataset onto the subspace spanned by the first k eigenvectors to obtain the reduced-dimensional data, as shown in Equation 14.
[image: Please upload the image or provide the URL, and I will help generate the alt text for it.]
Figure 4 of the analysis results identifies the controlling factors affecting the particle retention rate as particle size, particle concentration, and injection rate, listed in order of their importance. Additionally, it was observed that particle size and particle concentration have a significant effect on the retention rate, while the injection rate has a relatively much smaller effect. It is worth noting that the simulations do not account for particle detachment. In a real development process, larger injection velocities can lead to a significant increase in the number of detached particles.
[image: Heatmap displaying three scenarios (S1, S2, S3) with columns for particle size, particle concentration, and injection rate. Values range from 0.925 to 0.385, with a color gradient from red to yellow indicating intensity levels.]FIGURE 4 | Factor loading matrix heat map. (The color shades and values on the heat map provide a visual indication of the extent to which each variable contributes to each principal component.)
3.3 Particle migration trajectory
To understand how particle migration is influenced by the reservoir’s pore structure and permeability, we analysis the behavior of particles within reservoirs of varying permeability levels. The simulation results presented in Figure 5 demonstrate that, in low-permeability sandstone, particles are prone to block pore channels, leading to a significant reduction in the average migration distance of the particles. Once blockage occurs, the migration distance of the particles rapidly decreases, as most particles are captured and retained near the front end of the reservoir, making it difficult for them to continue migrating deeper into the reservoir. The dense pore structure of such reservoirs hinders particle movement, and the blocking effect is more pronounced. In contrast, in medium to high-permeability sandstone, the migration distance of particles is relatively longer. Even after partial blockage occurs in the early stages, particles can still migrate through channels that are not completely blocked. Therefore, despite some initial pore blockages, particles can continue to migrate within the reservoir. Over time, the migration distance gradually stabilizes and reaches a relatively balanced value. The results show that in higher-permeability reservoirs, the connectivity of the pore structure provides more migration paths for particles, allowing the migration process to continue even when localized blockages occur. Over time, the migration distance stabilizes and reaches a relatively constant, indicating a dynamic equilibrium between particle migration and blockage. Permeability has a significant impact on particle migration behavior: migration is more restricted in low-permeability reservoirs. Medium to high-permeability reservoirs exhibit stronger connectivity of pores and migration capacity of particles, allowing particles to continue migrating even in the presence of localized blockages.
[image: Three panels, labeled S1, S2, and S3, each containing three sub-plots labeled (a), (b), and (c). Each sub-plot maps injection volume (PV) against migration distance (cm) for various conditions. In sub-plot (a), different pH levels (3, 5, 7) are illustrated using different colored shapes. Sub-plot (b) explores concentrations (0.2 g/L, 0.5 g/L, 1 g/L) similarly. Sub-plot (c) represents different feed rates (0.2 mL/min, 0.5 mL/min, 1.0 mL/min). Each sub-plot shows trends in migration distance corresponding to each variable.]FIGURE 5 | The impact of different factors on particle migration trajectory in different cores. (A) Impact of particle size. (B) Impact of particle concentration. (C) Impact of particle injection rate. S1: 259mD; S2: 1078mD; S3: 2159mD.
3.3.1 The impact of particle size on migration trajectory
Particle size is a key factor affecting particle migration behavior. By studying the migration trajectories of particles with different sizes, the movement characteristics of various-sized particles within the pore structure of the reservoir can be clarified, and the interaction patterns between particles and pore walls can be analyzed. The results in Figure 5A indicate that, as particle size increases, the migration distance within the core exhibits a progressively decreasing trend. This phenomenon can be attributed to the higher collision frequency of larger particles with the rock surface and other particles during movement, as well as the more significant interaction forces they experience. Due to these frequent collisions and stronger interaction forces, the migration resistance of the particles increases, limiting their ability to move through the pores and ultimately reducing their migration distance. Larger particles are more likely to be affected by flow resistance and geometric constraints in narrower pore throats, making them more prone to being captured or retained within the core. This trend indicates that the larger the particle size, the poorer its flow capacity in complex pore structures, and the shorter its average migration distance. By reasonably controlling the particle size distribution, the risk of blockage can be effectively reduced, thereby improving the reservoir’s flow capacity.
3.3.2 The impact of particle concentration on migration trajectory
Particle concentration directly affects the migration distance of particles within the reservoir. The simulation results shown in Figure 5B reveal that, under high-permeability sandstone reservoir conditions, variations in particle concentration have a relatively weak impact on migration distance. This can be because the particle concentrations studied in the experiment were low, resulting in weaker interactions between particles, allowing them to be more easily carried by fluid flow. The pore structure in high-permeability sandstone is more conducive to particle migration, as it offers a more interconnected network of pores. The fluid flow is more efficient, which can help to transport particles through the pore network. This structure allows particles to navigate the reservoir more easily, even at higher concentrations. Consequently, blockage effects such as bridging are less likely to occur, enabling particles to maintain a certain migration distance within the core. This phenomenon suggests that at lower particle concentrations, particle migration behavior is primarily influenced by pore structure and fluid dynamics rather than interactions between particles. These findings indicate that, under certain conditions, the impact of particle concentration on migration distance can be less pronounced. In high-permeability sandstone reservoirs, the pore structure and fluid dynamics play a more dominant role in determining particle migration, particularly at lower particle concentrations. However, it is important to note that the relationship between particle concentration and migration distance can be more complex in low-permeability reservoirs or at higher particle concentrations. The interactions between particles will become more significant, leading to a more pronounced impact on migration distance.
3.3.3 The impact of injection rate on particle migration trajectory
In fluid-solid coupling simulations, injection rate is a key variable influencing particle migration. The fluid velocity directly determines the path, speed, and direction of particle movement within the reservoir. Under simulation conditions where particle concentration remains constant, the effect of injection rate on particle migration trajectory was analyzed. The analysis of the simulation results, as depicted in Figure 5C, indicates that the migration distance of particles in porous media increases significantly with an increase in the injection rate. This effect is particularly evident in medium to high-permeability sandstone, where the impact of injection rate on particle migration distance is more pronounced. This is because the more open pore structure of medium to high-permeability sandstone allows faster fluid flow, which can more effectively transport particles, enabling them to migrate over greater distances. In contrast, in low-permeability sandstone, where the pores are smaller and the structure is more compact, fluid flow is slower, and particles face more resistance during migration. In this case, even with an increased injection rate, the improvement in particle migration distance is less significant compared to medium to high-permeability reservoirs. The results indicate that at higher injection rates, the fluid velocity increases, potentially resulting in accelerated particle migration. This higher velocity allows particles to travel further within the reservoir before they are retained or blocked. The increased velocity can also help to prevent the accumulation of particles over short distances, thus reducing the likelihood of pore blockages that could impede fluid flow. At lower injection rates, the fluid velocity is reduced, which can cause particles to settle and be retained more quickly. This can lead to a shorter migration distance and a higher probability of pore blockages, as particles interact more frequently with the pore walls and other particles.
3.3.4 Analysis of the main-controlling factors affecting migration trajectory
When clogging occurs, subsequent injections of particles cannot pass through the clogged location, so the transport distance tends to decrease. The maximum migration distance represents the farthest distance that the particles can migrate to the core. Therefore, the maximum migration distance (Y2) results under different particle size (X1), particle concentration (X2), injection rate (X3) and core permeability (X4) are summarized and regression analysis is performed. [image: Mathematical expression showing a multiple linear regression equation: \( Y_2 = -85.3852X_1 - 105.9228X_2 + 520.5166X_3 + 3.6427X_4 + 1610.14 \) with a coefficient of determination \( R^2 = 0.939 \).] The standardized regression coefficients for particle size, particle concentration, flow rate and core permeability were −0.3540, −0.0064, 0.1319 and 0.8857 respectively. The factors affecting the permeability decline rate are sorted according to the degree of importance: initial permeability, particle size, flow rate and particle concentration. Permeability is the most critical factor affecting the maximum migration distance, while particle size has a significant but negative effect, and flow rate also has a certain positive effect.
3.4 The impact of particle transport on core permeability
Permeability directly reflects the seepage capacity of the core. To understand how particle transport affects permeability changes, we analyzed the permeability damage rates of different permeability cores under different conditions, the results are shown in Figure 6.
[image: Nine scatter plots are arranged in a 3x3 grid, labeled S1, S2, and S3 across the columns and (a), (b), and (c) down the rows. Each plot shows permeability change percentage versus injection volume in pore volumes (PV), with various markers indicating different conditions: quartz, k-feldspar, PC (pink), OgPC, CaCl₂, and NaCl brine. The plots illustrate how permeability changes with different injections for each condition. The grid format compares the effects across different scenarios, highlighting variations in permeability.]FIGURE 6 | The impact of different factors on particle migration trajectory in different cores. (A) Impact of particle size. (B) Impact of particle concentration. (C) Impact of particle injection rate. S1: 259mD; S2: 1078mD; S3: 2159mD.
3.4.1 The impact of particle size on core permeability
Figure 6A showed the effect of particle size on the permeability damage rate of different cores at different displacement stages. With the increase of injection volume, the permeability damage rate of different cores showed a trend of increasing first and then flattening, and the smaller the core permeability, the larger the particle size, the higher the permeability damage rate. However, due to the different pore throat sizes of different cores, the permeability damage rate caused by different particle sizes is also different. For the S1 core (259mD), more than 80% of the pore throat size is less than 16μm, so when the particle size is 20 μm and 50μm, the particles will directly block the pore throat. The permeability damage rate is more than 70% when the injection volume is only 1 PV. When the injection volume is 3 PV, the permeability damage rate tends to be stable. When the particle size is 8μm, the particle size is smaller than most of the pore throat size, and the permeability damage rate tends to be stable after the injection volume is 6 PV. For S2 core (1078mD), it also shows roughly the same law. The more 50% of the pore throat size of S2 core is less than 24μm, so when the particle size is 50μm, the permeability damage rate increases greatly in the early stage, and the upward trend slows down after 2 PV injection. The permeability damage rate increases slowly under the condition of particle size of 8μm and 20 μm. For S3 core (2159mD), due to the further increase of the proportion of large pore throat, the permeability damage rate under different particle size conditions showed a gradual upward trend, and tended to be gentle after 6 PV injection volume.
3.4.2 The impact of particle concentration on core permeability
The particle concentration was changed by fixing the particle size of 8 μm and the injection rate of 0.5 mL/min, and its effect on the permeability damage rate was investigated. Figure 6B showed that for different permeability cores, the permeability damage rate increases first and then tends to be stable, but the particle concentration has little effect on the final permeability damage rate of the core. The pore throat of S1 core (259mD) is small, and it is easy to form stable blockage when the injection volume is small. Increasing the particle concentration can only advance the time it reaches stability, and will not significantly increase its final damage rate. For S2 (1078mD) and S3 (2155mD) cores, the particle size under the corresponding conditions is small, and it has certain resistance to particle blockage. Increasing the particle concentration has little effect on the permeability damage rate.
3.4.3 The impact of injection rate on core permeability
The particle size was fixed at 8 μm and the particle concentration was 0.5g/L. The injection rate was changed to investigate its effect on the permeability damage rate. The results are shown in Figure 6C. The results show that when the initial permeability is the same, the injection rate has little effect on the permeability damage rate. At the same injection volume and particle concentration, the number of particles entering the core is equal, so the flow rate has little effect on the core permeability damage. However, increasing the flow rate will accelerate the core blockage and make it reach a steady state faster.
3.4.4 Analysis of the main-controlling factors affecting permeability damage rate
The results of permeability damage rate (Y6) under different particle size (X1), particle concentration (X2), injection rate (X3) and core permeability (X4) were further summarized and analyzed by regression analysis. [image: Equation displaying a multiple linear regression model: \( Y_6 = 0.2067X_1 + 4.6168X_2 + 1.2551X_3 - 0.0242X_4 + 87.3049 \) with a coefficient of determination \( R^2 = 0.959 \).] The standardized regression coefficients of particle size, particle concentration, flow rate and permeability were 0.1409,0.0458,0.0523 and-0.9681, respectively. The results of the standardized regression coefficient show that the factors affecting the permeability decline rate are in order of importance: initial permeability, particle size, injection rate, particle concentration, especially the initial permeability. The negative coefficient indicates that the damage rate decreases when the permeability increases.
3.5 History matching of typical well groups considering particle migration
Through microscopic experiments and numerical simulations, the changes in parameters such as permeability and relative permeability under the influence of particle migration can be obtained. However, the scale of microscopic and numerical models is relatively small, necessitating the upscaling of microscopic results. In terms of spatial scale, we employed a method that models multiple sets of digital cores in series. With this approach, we observed that the effect of particle transport stabilizes after a certain number of cores is reached, with no further changes occurring with an increase in the number of cores. This finding suggests that the system can be considered as the smallest representative volume element (REV) at the macroscopic scale once the effect of particle transport reaches saturation (Figure 7). Regarding time scales, we addressed the issue by employing a dimensionless number transformation. Specifically, we established a dynamic relationship between permeability and over-volume multiplicity based on the volume multiplicity relationship between detached and residual particles. This relationship elucidates the pattern of permeability changes over time, thereby providing us with a temporal dimension for modeling particle transport on a macroscopic scale. It is noteworthy that in this process, we assume the same over-volume multiplicity and the same degree of influence of particulate transport in both digital cores and macroscopic grids. With the meticulous treatment of spatial and temporal scales as described above, we have successfully extrapolated the model obtained at the pore scale to macroscopic numerical simulations. Then, a shared mortar space is established between adjacent micro and macro regions, and a segmented finite element basis function σ (x, y) is assigned to it. Then, the basic equation of pressure is constructed and projected to the interface according to the basis function and initial coefficient in the mortar space. Finally, by iterating the permeability model of the macro grid until the pressure and flow in the two regions are continuous, the coupling of the micro model and the macro grid is realized. At this time, the permeability model of the macro grid is the upgraded model of the micro model scale.
[image: Four images of noise textures are displayed side by side, each separated by a plus sign, with an ellipsis indicating continuation.]FIGURE 7 | Schematic diagram of multiple digital cores in series.
The time-varying law of permeability obtained by microscopic numerical simulation is upgraded by scale upgrading method, as shown in Figure 8. The results show that the time-varying trend of permeability after upgrading is in good agreement with that before upgrading, but the time-varying variation range of permeability after upgrading is smaller than that before upgrading, which reflects that the influence of microscopic pore structure on macro scale shows a certain decreasing trend.
[image: Line graph showing permeability damage rate versus injection volume for different permeability levels. The x-axis represents injection volume in PV, and the y-axis represents permeability damage rate in percent. Six lines represent low, medium, and high permeability before and after upgrading. Before upgrading, damage rates are higher, especially for low permeability. Different colored lines and markers indicate each category.]FIGURE 8 | Time-varying comparison of permeability before and after scale upgrading.
Further, a micro-model and a macro-grid hybrid model are established around the wellbore. The inner ring is a micro-model area and the outer ring is a macro-grid. The mortar method is used to solve the fluid velocity and pressure of the hybrid model, as shown in Figures 9, 10. The results show that the mixed pressure field and velocity field are continuous after iteration. At the same time, the solution results of the converged permeability model are similar to the velocity field and pressure field of the mixed model, which further proves the accuracy of the upgraded model. Finally, the upscaled results are imported into the macroscopic reservoir model through Petrel’s Intersect User Edits interface, and Python code is written to incorporate the relationship between permeability, relative permeability, and grid volume multipliers into the model. This ultimately enables reservoir numerical simulations that consider the impact of particle migration.
[image: Three panels show heat maps illustrating varying levels of heat intensity, with concentric circles in each. The left panel (a) has detailed inner blue layers; the middle panel (b) shows a smoother gradient; the right panel (c) is similar to the second but with clearer ring separation. All have a central white circle and use a color gradient from blue (cool) to red (hot), with axis labels in centimeters.]FIGURE 9 | Pressure field comparison of different models in the process of scale upgrading. (A) mixed model. (B) upgraded model. (C) Macro model.
[image: Three graphical visualizations labeled a, b, and c, showing vector field patterns with a circular flow. Each graphic has a central dark blue core, surrounded by concentric rings of red, yellow, and green gradients, indicating varying intensity levels on x and y axes from negative to positive values.]FIGURE 10 | Velocity field comparison of different models in the process of scale upgrading. (A) mixed model. (B) upgraded model. (C) Macro model.
After considering the impact of particle migration, a history matching analysis was conducted on the target reservoir of the typical well group. The digital core data volume used in the pore-scale simulation is derived from the CT scan of the reservoir core in the oilfield corresponding to the macroscopic model, and HS-1 and SH-2 wells are typical wells in the block. Figure 11 presents the analysis results for typical wells HS-1 and HS-2, clearly indicating that the decline in production volume for both wells is primarily attributed to particle migration effects. Based on this, the study introduced a new particle migration model to rematch these production data, aiming to more accurately reflect the effect of particle migration on the liquid production capacity of the well group. The results indicate that after introducing the particle migration model, the history matching accuracy of the typical wells' liquid production significantly improved, demonstrating that the model can more effectively capture the dynamic impact of particle migration on reservoir permeability and liquid production capacity. This more accurate fitting result not only deepens the understanding of the specific mechanisms by which particle migration affects oil well production but also provides a more reliable basis for optimizing and adjusting future production strategies.
[image: Two line graphs compare crude oil production rates from 2012 to 2022. Graph (a) shows binary matching without and with a particle migration model against actual production data. Graph (b) presents similar comparisons with less fluctuation. Both graphs illustrate significant peaks around 2015-2018.]FIGURE 11 | History matching of liquid production for typical wells before and after considering particle migration. (A) HS-1. (B) HS-2.
4 CONCLUSION

	(1) In the process of particle migration in sandstone, two blockage modes are observed: pinhole blockage and bridging blockage. When the particle diameter is larger than the average throat radius, pinhole blockage dominates; bridging occurs when the particle diameter is small and the concentration is high.
	(2) The particle retention rate in sandstone is primarily controlled by particle size. The larger the pore-to-particle size ratio, the higher the retention rate; particle concentration and injection rate have minimal impact on the final retention rate.
	(3) The migration distance of particles in sandstone is significantly influenced by particle size. The larger the pore-to-particle size ratio, the shorter the migration distance; under low concentration conditions, particle concentration has little effect on migration distance; the higher the injection rate, the further the particles migrate.
	(4) After considering the impact of particle migration in numerical simulations, the accuracy of liquid production matching for the typical well group improved. The numerical simulation model established in this study is constrained by the reservoir properties, particle characteristics, and field production conditions of this oilfield, and may only be applicable to this field. However, the research methodology has broad applicability.
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This study integrates one-dimensional and two-dimensional nuclear magnetic resonance (NMR) techniques to conduct spontaneous imbibition experiments on two distinct lithologies (laminated calcareous shale and bulk clay-rich shale) from the Qintong Depression using four different fluid types. Field emission scanning electron microscopy (FE-SEM) and computed tomography (CT) scanning were employed to observe and track the dynamic changes in shale microstructures at specific intervals allowing for a comprehensive analysis of induced microfractures and their propagation patterns. These methods enabled a deeper understanding of the underlying mechanisms, enriching the interpretation of the imbibition results. The study reveals that anionic surfactants demonstrate exceptional performance during the imbibition process, and the combination of surfactants further enhanced oil recovery. The imbibition process can be divided into three stages: the imbibition diffusion stage, the transition stage, and the equilibrium stage, with the diffusion stage serving as the primary contributor, driven predominantly by capillary pressure. The calcareous shale cores exhibited the highest imbibition rates in the early stages, approaching equilibrium in the middle stages. Conversely, the clay-rich shale cores maintained relatively high imbibition rates throughout the second stage, indicating different imbibition dynamics based on lithology. NMR, CT scanning, and SEM analysis highlighted significant lithology-dependent differences in the mechanisms driving induced microfracture development during the imbibition and hydration. In laminated calcareous shale, imbibition and hydration primarily proceeded through the dissolution of calcareous minerals, resulting in pore expansion and induced microfractures along pre-existing fractures. In contrast, clay-rich shale exhibited similar mineral dissolution but also experienced clay swelling due to its high clay content, leading to the formation of bedding-parallel fractures with distinct directional patterns along weak mineral-matrix bonds. The experimental results underscored the pivotal role of lithology in determining final imbibition efficiency, with high-clay-content shales demonstrating superior recovery rates under spontaneous imbibition conditions. This study provides critical experimental data and insights into the microscopic mechanisms governing spontaneous imbibition across varied lithologies and fluid types in the Qintong Depression. The results offer foundational knowledge for optimizing oilfield development strategies.
Keywords: imbibition, surfactant, hydration, pore structure, microfracture

1 INTRODUCTION
Shale oil, following shale gas, has emerged as another crucial unconventional energy resource, playing a significant role in the global energy alternative strategy (Fu and He, 2024). In 2022, a significant breakthrough in shale oil exploration and development was achieved in the Qintong Sag of China, with estimated shale oil resources in the Jiangsu exploration area reaching 12.7 × 108 t. Among these, the second member of the Paleogene Funing Formation (Funing 2 Member) in the Qintong Sag holds approximately 7.5 × 10⁸ tonnes of resources. Currently, shale oil wells in this block have demonstrated promising production levels, with Well HY1 and Well H2C producing 29.7 t/day and 50.5 t/day of industrial oil flow, respectively, highlighting substantial development potential (Duan et al., 2024). To optimize the efficient development of shale oil from the Funing 2 Member, it is essential to enhance the parameters of the imbibition-enhancement process to boost the well productivity. The application of NMR technology to simulate and assess the microscopic mobilization of crude oil offers valuable insights for optimizing the field implementation of imbibition-enhanced recovery.
Traditional methods for assessing imbibition efficiency, such as volumetric and gravimetric techniques, face significant limitations when applied to shale oil reservoirs. These reservoirs are often characterized by tight formations, narrow pore throats, and challenges in establishing displacement pressure differentials, which complicate the experimental process (Guo et al., 2020). As a result, conventional techniques are prone to inaccuracies, typically providing only recovery data over time and exhibiting substantial experimental errors. Recent advancements in low-field NMR and CT scanning technologies have improved the study of the imbibition process by enabling the dynamic tracking of oil-water displacement and fluid saturation, offering greater precision and insights into pore-scale imbibition behavior (Liu and Sheng, 2019; Yan et al., 2024). Numerous researchers have conducted targeted studies on shale imbibition based on porous media imbibition theory, employing low-field NMR technology and core experiments to analyze the spontaneous imbibition dynamics in various shale blocks (Ge et al., 2015; Guo et al., 2020). Studies utilizing these technologies have identified capillary pressure and clay osmotic pressure as the primary drivers of shale imbibition, with imbibition capacity being strongly influenced by the content, type, and structure of clay minerals. Shale samples with higher clay content demonstrate greater cation exchange capacity and enhanced water absorption ability (Meng et al., 2020). Additionally, imbibition recovery is closely linked to the permeability, porosity, and natural fracture development of the rock samples (Ge et al., 2015; Guo et al., 2020). However, much of the existing research has predominantly focused on characterizing imbibition phenomena, with relatively few studies investigating the role of imbibition agents in enhancing recovery. Moreover, even fewer studies have been dedicated to optimizing the parameters of imbibition-enhancement processes, so there remains a lack of comprehensive and systematic evaluation methods for optimizing imbibition-enhanced recovery in shale oil reservoirs. Furthermore, while many researchers have conducted extensive studies on shale imbibition and hydration, these studies tend to be isolated, with limited integration of both aspects (Ding et al., 2022).
In summary, the specific characteristics of the factors influencing surfactant-assisted imbibition in shale reservoirs remain inadequately understood, and the mobilization of crude oil within the diverse micro-pore sizes during the imbibition process requires further investigation. Therefore, this study aims to bridge these gaps by characterizing the physical properties and pore size distribution of the shale reservoirs from the Funing 2 Member of the Qintong Depression and conducting spontaneous imbibition experiments using different surfactants. Through analysis of nuclear magnetic resonance (NMR) T2 spectra, 2D spectra, variations in imbibition efficiency, and crude oil mobilization within the pores, this study seeks to clarify the effects of various factors on imbibition efficiency during surfactant-assisted imbibition in shale reservoirs. Additionally, the study explores the coupled effects of imbibition and hydration by closely monitoring dynamic changes in the shale’s microstructure using field emission scanning electron microscopy (FE-SEM) and CT scanning. The propagation of induced microfractures and the underlying microscopic mechanisms are examined, providing an in-depth interpretation of the experimental results at the micro-scale. These findings aim to offer valuable insights into optimizing recovery efficiency in shale reservoirs, with a focus on surfactant-assisted imbibition processes.
2 SAMPLES AND METHODS
2.1 Liquids and core samples properties
For the preparation of the imbibition solution, four different surfactant systems were employed in the experiment: a 0.2% KCl system, an SDS system (0.2% KCl with an anionic surfactant), a SY system (0.2% KCl with a combination of anionic and non-ionic surfactants), and an HD system (0.2% KCl with a combination of anionic, non-ionic, and amphoteric surfactants) (Table 1).
TABLE 1 | Type of surfactant in imbibition system.
[image: Table showing different imbibition systems and their corresponding types of surfactants. For KCl, the surfactant is 0.2% KCl. Single agent-SDS uses an anion surfactant. Mixed agent-SY uses anionic and non-ionic surfactants. Mixed agent-HD uses anionic, nonionic, and amphoteric surfactants.]The Funing 2 Member of Qintong Depression consists of deep lake and semi-deep lake shale characterized by strong vertical heterogeneity. Various types of reservoir spaces are developed within the shale, including tectonic fractures, bedding fractures and micro-pores, with porosity generally ranging from 3% to 6.29%. Specifically, cores were extracted from 1–42/49 of SD 201 well and 4–12/24 of HY 201 well. The core from SD 201 is bulk clay-rich shale, and the core from HY 201 well is laminated calcareous shale.
Mineral composition based on X-ray diffraction (XRD) testing was performed using a Rigaku D/MAX-2500pc X-ray diffractometer. Powder samples, ground to a fineness of 200–300 mesh, were placed on slides and gently pressed with a glass slide to compact and fill the sample holder. The measurements were carried out with a tube voltage of 40 kV and a current of 40 mA, utilizing a Cu target and Ka-ray radiation. Diffraction data were collected at a scan rate of 4°/min, covering a scanning angle range of 4°–50°, with a step interval of 0.02°. Data processing for qualitative and quantitative mineral analysis was conducted using Jade 6.5 software.
The porosity of core samples measured in this study was measured using the helium porosity method. Due to the low molecular weight of helium, this method allows for more accurate measurement of small pore spaces, providing a closer estimate of the true porosity of the rocks. The helium porosity and air permeability of 8 core samples from the study area were determined using a PoroPDP-200 core pressure pore and permeability meter. Each core sample was approximately 5 cm in length and 2.5 cm in diameter. The experimental results are shown in Table 2.
TABLE 2 | Physical properties of core and changes before and after experiment.
[image: Table displaying measurements for sample numbers SD-1 to HY-6. Columns include length, diameter, porosity, imbibition agent, pore volume, dry weight, wet weight, and imbibition weight. Values vary across samples, with different agents and physical properties noted for each.]2.2 Imbibition experiments
Before the imbibition experiment, shale samples were thoroughly washed and dried. The cores were cleaned using an extraction method in which the samples were placed in an extractor, and an oil-cleaning agent, a mixture of toluene and ethanol, was circulated via the siphon and steam pipe at the top and bottom of the extractor. The original fluid in the core was washed out until the oil-cleaning agent becomes clear. The cores were then saturated with crude oil using a vacuum saturation method.
In terms of NMR principles, when shale is saturated with a hydrogen-containing fluid, the NMR measures the relaxation signals of the fluid, rather than those of the shale matrix. The NMR T2 relaxation time for fluid in larger pores is longer compared to fluid in smaller pores, meaning the relaxation time increases with pore size. Additionally, the amplitude of the relaxation signal corresponds to the volume of fluid in the pore, with a large amount of fluid corresponding to a higher signal amplitude. Therefore, NMR T2 spectra can be utilized to quantitatively evaluate both the pore radius distribution and the fluid accumulation within pores during the spontaneous imbibition process in shale. The specific experimental steps are as follows: 1. The core sample was dried in an incubator at 105°C, until its mass remained constant. The T1- T2 spectrum and T2 spectrum of the dry core were then measured using an NMR instrument; 2. The core was vacuum-saturated with crude oil. Field crude oil was placed in a pressurized tank, and the core was saturated under a pressure of 30 MPa for 10 days to ensure full saturation. The saturated core was then immersed in crude oil, and the T1- T2 and T2 spectra were measured after saturation.3. Remove the saturated core with tweezers, surface oil was wiped off with gauze, and the core was placed into a beaker to begin the single-end spontaneous imbibition experiment; 4. At specified imbibition time (10 min, 30 min, 1 h, 1 day, 4 days, 8 days), the core was removed, the surface liquid was wiped off, the core’s mass was measured, and the T1- T2 and T2 spectra were recorded. This process was repeated until the T2 signal no longer showed significant changes.
2.3 Microscopic experiments to interpret imbibition results
The NanoVoxel-2702E CT scanner was employed to scan different cross-sections before and after the spontaneous imbibition of core plugs at the same depth. The X-ray source provided a maximum power of 10 W and had a voltage limit of 150 kV. The scanner was equipped with three magnification lenses (×4, ×10, and ×20), offering a maximum theoretical resolution of 0.5 μm and a field of view of 25 cm. The charge coupled device (CCD) had a maximum resolution of 2048*2048 pixel. The object platform was capable of rotating from −180° to +180°. The hydration experiment was conducted as follows: (1) Core samples were dried in an oven for 48 h and then scanned by CT in their dry state; (2) The samples were placed in a beaker filled with water for hydration periods of 24 h, 72 h and 120 h; (3) After hydration, the samples were re-dried and subsequently scanned by CT.
For the FESEM analysis, a regular block sample with a dimension of 1.5 cm × 1.5 cm × 1 cm was selected for the experiment. The sample surface was first roughened with sandpaper and polishing liquid, and then polished with a Gatan 685C argon-ion polisher. After polishing, the samples were gold-coated and examined using a Hitachi Regulus8230 high-resolution scanning electron microscope (FESEM). The FESEM experiment has the following specifications: a maximum resolution of 0.8 nm; an acceleration voltage range of 0.01 kV–30 kV; magnification from ×20 to ×1,000,000, and a scanning speed of 80 s/frame to 25 s/frame. The experimental procedure involved immersing the sample in deionized water for various durations (1, 3, 5 days) to simulate hydration. Before electron microscope observation, the samples were dried to a constant weight under vacuum conditions to prevent water vapor from contaminating the electron microscope sample chamber. The dried samples were then analyzed again using FESEM to assess the changes in mineral composition, microfractures, and micropore structures of the shale before and after hydration.
3 RESULTS
The XRD analysis results reveal that the primary minerals in the SD bulk clay-rich shale are quartz (46%), potassium feldspar (1%), plagioclase (3%), calcite (20%), pyrite (2%), and clay minerals (28%) (Figure 1). The dominant clay minerals in this sample include illite/smectite interstratified layers, illite, and chlorite. In contrast, the main mineral composition of the HY laminated calcareous shale core is primarily composed of quartz (19%), potassium feldspar (1%), plagioclase (8%), calcite (63%), pyrite (3%), and clay minerals (6%), with a lower clay content primarily composed of illite (Figure 1).
[image: Bar chart showing mineral composition of SD and HY samples in whole rock and clay mineral forms. The legend identifies colors for quartz, calcite, potassium feldspar, pyrite, plagioclase, and clay minerals. Each bar displays different proportions, with clay minerals prominent in SD-Clay mineral and HY-Clay mineral samples.]FIGURE 1 | Mineral composition of the core used in the experiment.
The porosity of the SD bulk clay-rich shale used in the imbibition experiment ranges from 5.19% to 7.05%, whereas the porosity of the HY shale core is significantly lower, ranging from 1.26% to 2.13%. Table 2 presents the different types of imbibition agents applied to each core, along with the corresponding changes in mass before and after imbibition.
3.1 Imbibition characteristics of SD bulk clay-rich shale
The T2 spectra of the SD bulk clay-rich shale, measured at different imbibition times after oil saturation, reveal that the water phase signal gradually increases throughout the imbibition process and stabilizes around 8–10 days (Supplementary Figure S1). The pores primarily involved in imbibition replacement are small pores (<1 ms) and mesopores (1 ms–10 ms). The imbibition efficiency is calculated by dividing the difference between the T2 spectral peak area at each time point and the initial peak area by the total T2 area of the pore space. As shown in Figure 2, the imbibition process can be divided into three stages: in the early imbibition stage (<2 days), rapid imbibition replacement occurs preferentially in the connected pore throat near the core surface, resulting in a substantial volume of crude oil being produced. In the middle imbibition stage, as the imbibition liquid penetrates deeper into the pores, deep oil phase is replaced, leading to a slower increase in imbibition efficiency. In the later stage of imbibition, the imbibition efficiency remains nearly unchanged, indicating that imbibition has reached equilibrium by approximately 8 days. Among the different imbibition agents, the SY mixed agent demonstrated the highest efficiency, followed by the HD mixed agent, SDS, and finally the 0.2% KCl solution.
[image: Line graph showing inhibition efficiency (%) over 12 days for four solutions: 0.2% KCl, 0.5% SDS, 0.5% HD, and 0.5% SY. Efficiency increases for all, plateauing around day eight. KCl shows the highest efficiency, followed by SDS, HD, and SY.]FIGURE 2 | Summary of imbibition efficiency of SD bulk clay-rich shale for 1 h, 1 day, 2 days, 6 days, 8 days and 10 days under the action of 0.2% KCl, SDS, HD and SY surfactant.
The interpretation of NMR results, particularly data from two-dimensional T1-T2 spectra, provides comprehensive insights into the saturation levels of different fluids within shale samples (Li et al., 2019; Li et al., 2020). Developed a fluid identification method using trapezoidal regions within the two-dimensional NMR T1-T2 spectrum (Supplementary Figure S3). By analyzing signals from different regions of the spectrum and correlating them with multi-step pyrolysis data, they created a fluid identification chart, which is particularly applicable to various types of organic-rich rocks. Unlike curve-shaped charts, the fixed boundaries of the trapezoidal regions provide greater consistency, making this approach a more reliable and universal T1-T2 chart for studying fluid properties in shale. In this study, the two-dimensional NMR T1-T2 spectrum was employed to investigate and analyze fluid occurrences in different lithologies of the Funing 2 Member. The established T1-T2 fluid identification spectrum (Figure 3) reveals that the original SD bulk clay-rich shale samples show signals associated with residual kerogen/bitumen and clay mineral-bound water (Figure 3A). After oil saturation, signals of adsorbed oil are observed in the samples (Figure 3B). As the imbibition process progresses, the signals for organic matter and free oil decrease, while the signal intensity for free water increases (Figures 3C, D).
[image: Four graphs labeled (a), (b), (c), and (d) illustrate different states of substances. (a) shows kerogen/asphalt and bound water. (b) includes kerogen/asphaltene with bound oil. (c) and (d) display free water. Each graph features a color gradient scale indicating data intensity.]FIGURE 3 | Changes of NMR 2D spectrum of SD bulk clay-rich shale under the action of 0.5% surfactant solution at different imbibition times. (A) Original sample; (B) Oil-saturated sample; (C) Imbibition for 48 h; (D) Imbibition for 120 h.
3.2 Microfracture propagation induced by SD clay-rich shale hydration
By comparing the macroscopic micro-fracture distribution characteristics of shale samples before and after water phase imbibition (Figure 4), it is evident that hydration significantly enhances the connectivity between pores and fractures within the rocks. Before hydration, the shale sample exhibited only one prominent microfracture. At the initial stage of hydration, the existing fractures first propagate along the parallel bedding planes, forming several distinct foliation fractures. As hydration progresses, both the width and length of these parallel fractures expand substantially, and some fractures connected to form a new fracture network. This development further increases both the fracture volume and surface area, thereby enhancing fluid transport pathway within the shale.
[image: Four-panel image showing a time-lapse of colored lines on a gray background labeled Day 0, Day 1, Day 3, and Day 5. The lines, which start as pink and blue, change in density and color, becoming predominantly yellow by Day 5.]FIGURE 4 | 3D reconstruction of fractures based on CT scanning before and after imbibition of SD bulk clay-rich shale.
Based on an understanding of the macroscopic microfracture development characteristics, this study further employs dynamic observation techniques combined with energy spectrum analysis to perform fixed-point monitoring and elemental testing at specific microstructural locations. The objective is to analyze the dynamic expansion patterns of induced microfractures and identify key controlling factors. Using multi-point in-situ scanning technology, changes in the microstructure of shale samples before and after hydration were tracked and compared. Initially, SEM was used to examine the micro-pore structure of the samples prior to hydration, with characteristic points marked and natural fractures characterized. After various imbibition periods, the samples were positioned macroscopically and observed in situ. Continuous imaging at different magnifications was conducted at the same locations to identify and analyze correlations between mineral composition and micro-pore structures (Figure 5). SEM observations revealed a distinct dissolution of rhombohedral carbonate minerals within the shale matrix during the first 24 h of hydration (Figures 5A, B, E, F, I, J), with most dissolution occurring within this period, and minor changes in pore size afterward (Figures 5B–D, J–L). Additionally, the evolution of original natural fractures during hydration was clearly observed. The fracture evolution trends observed through in-situ SEM were closely aligned with the water saturation changes detected by NMR and the fracture volume changes observed through CT scanning. Microfractures on the original shale surface initially developed into hydration fractures within the first day, after which they stopped widening and even gradually closed between days 3 and 5, demonstrating an initial widening followed by closure. This behavior is likely associated with the swelling of clay minerals, which affects their water absorption capacity. Furthermore, on the third day of hydration, oil droplets were observed accumulating around larger pores and microfractures under SEM (Figures 5G, K). By the fifth day, oil-water displacement became clearly visible, with oil droplets effectively expelled from the shale matrix (Figures 5H, L). These observations suggest that, during the imbibition process, the migration and aggregation of the oil phase are significantly influenced by the evolving pore structure and microfracture network.
[image: Twelve-panel microscopic image series showing surface changes over time. Panels (a) to (d) depict original surface and mineral dissolution from Day 0 to Day 3. Panels (e) and (f) show original and hydration fractures by Day 3. Panels (g) to (h) and (k) to (l) illustrate oil patches formed by Day 3 and Day 5. Panels (i) and (j) show original fractures and hydration fractures on Day 5. Each panel includes a label indicating the surface or fracture type and the day.]FIGURE 5 | Scanning electron microscopy (SEM) observation of the imbibition process of the SD clay-rich shale shows the changes of pore structure during the imbibition process (A–D), and the evolution of the original natural fracture development area (E–L).
3.3 Imbibition characteristics of HY laminated calcareous shale
The evolution of the T2 spectra at various stages of imbibition for the oil-saturated core of the HY laminated calcareous shale reveals that the water-phase signal gradually increases during the imbibition process, stabilizing after approximately 8–10 days (Supplementary Figure S2). The pore intervals primarily involved in the displacement are micropores (<1 ms) and mesopores (1 ms–10 ms). The imbibition efficiency can be quantified by dividing the difference between the T2 peak area and the initial peak area by the total pore T2 area. As illustrated in Figure 6, the core’s imbibition process can be divided into three stages: 1. Early stage (<1.5 days): Rapid imbibition displacement occurs in the connected pore throats near the core surface, driven by capillary forces, resulting in the quick expulsion of a significant amount of oil. 2. Middle stage: The imbibition liquid infiltrates deeper pores, displacing oil from these deeper regions, but the rate of increase in imbibition efficiency slows down. 3. Late stage: Imbibition efficiency plateaus, with little to no change, achieving equilibrium after 6–8 days. In terms of imbibition performance, the SY surfactant and HD surfactant demonstrate the best results, followed by the single surfactant agent, while 0.2% KCl exhibits the least effect.
[image: Line graph showing inhibition efficiency over 12 days for four substances: 0.2% KCl (light blue), 0.5% SDS (orange), 0.5% HD (green), and 0.5% SY (dark blue). Efficiency increases initially for all, stabilizing between days 4 and 10. The highest efficiency is shown by 0.5% HD, followed by 0.5% SY, 0.5% SDS, and 0.2% KCl.]FIGURE 6 | Summary of imbibition efficiency of HY laminated calcareous shale for 1 h, 1 day, 2 days, 6 days, 8 days and 10 days under the action of 0.2%KCl, SDS, HD and SY surfactant.
According to the established T1-T2 fluid identification map (Figure 7), the original core of the HY laminated calcareous shale primarily exhibits signals corresponding to clay mineral-bound water and weakly bound oil (Figure 7A). After oil saturation, signals corresponding to adsorbed oil become prominent (Figure 7B). As the imbibition process progresses, the signals from organic matter and free oil gradually diminish, while the intensity of the free water signal steadily increases (Figures 7C, D).
[image: Four T2-NMR maps labeled (a) to (d) show color-coded contours representing fluid saturation in porous media. Image (a) indicates bound oil in organic pores and bound water. Image (b) highlights kerogen/asphaltene with bound oil. Images (c) and (d) depict free water. Each map uses a color gradient from blue to red to indicate varying saturation levels.]FIGURE 7 | Changes of 2D NMR spectra of HY laminated calcareous shale under the action of 0.5% surfactant solution at different imbibition times. (A) Original sample; (B) Oil-saturated sample; (C) Imbibition for 48 h; (D) Imbibition for 120 h.
3.4 Microfracture propagation induced by HY laminated calcareous shale hydration
CT scanning results of HY laminated calcareous shale core samples (Figure 8) reveal significant development of microfractures during water infiltration. Hydration leads to the widening and extension of pre-existing fractures. In areas with dense pore networks, smaller cracks merge to form new, larger fractures. During the early stage of hydration, fractures predominantly form parallel to the bedding. However, as hydration progresses, intersection between the original fractures, which are perpendicular to the bedding, begin to emerge, thereby enhancing fracture connectivity. Additionally, beyond hydration-induced fractures, 3D reconstructions reveal the formation of larger pores, likely due to mineral dissolution. This dissolution process weakens the original cementation and facilitates the growth of the interconnected fracture network.
[image: Four microscopic images show progressive biofilm growth over five days. Day 0 features minimal growth in brown. Day 1 has increased blue and green coverage. Day 3 and Day 5 show dense blue and multicolored biofilm, indicating further expansion.]FIGURE 8 | 3D fracture reconstruction of HY laminated calcareous shale cores based on CT scanning before and after imbibition.
Building on the understanding of macroscopic microfracture development, fixed-point dynamic observation combined with energy spectrum testing was employed to analyze the expansion patterns of induced microfractures and identify key controlling factors. The original surface morphology of the HY laminated calcareous shale (Figure 9A) and the changes observed 1, 3, and 5 days after hydration reveal extensive dissolution of rhombohedral carbonate minerals (Figures 9B–D). This continuous dissolution facilitates the formation of microfractures, which progressively expand into larger and intersecting cracks (Figure 9D). Additionally, the accumulation of oil droplets in shaded regions illustrates the process of oil-water displacement during hydration, where oil in smaller pores is displaced into larger pores and expelled through newly formed microfractures (Figures 9B–D). Mineral dissolution also occurs along the boundaries of more stable minerals that are less susceptible to hydration, such as quartz and albite (Figures 9E, F), leading to the shedding and migration of larger mineral particles. Fractures preferentially form and propagate along boundaries with significant differences in mineral composition, especially around pyrite (Figures 9G, H). As hydration continues, the original fractures further expand (Figures 9I, J). Elemental surface scanning reveals that the fracture areas are primarily composed of carbonate minerals, while silicate minerals are more prevalent on the sides. Fracture expansion is primarily driven by the dissolution of carbonate minerals (Figures 9K, L).
[image: Twelve-panel image showing various stages of material surface changes and elemental mapping over time. Panels (a)-(d) display initial surface conditions and early dissolution features over days one to two. Panels (e)-(f) highlight the formation of specific mineral features labeled "Albite" and "Mica" by day three. Panels (g)-(l) feature elemental mappings: overall, sodium, silicon, and calcium distributions, indicating different mineral phases, detected using techniques like Na and Ca Kat 2 mapping, particularly by day six. Scale bar is visible in the final row of images.]FIGURE 9 | Laminated calcareous shale hydration process based on SEM observation. (A) The original substrate surface; (B–D) Substrate surface after 1 day, 3 days, 5 days of hydration; (E, F) The dissolution boundary of albite minerals after 3 days, 5 days of hydration; (G) A layered image of Figure (F); (H) Distribution of Na elements of Figure (F); (I) Original surface micro-cracks; (J) The initial crack widens after hydration; (K, L) Distribution of Si and Ca elements in fracture and matrix area of Figure (J).
4 DISCUSSION
Imbibition recovery is influenced by numerous factors, which can generally be categorized into two groups: those related to the intrinsic properties of the reservoir, such as reservoir type, porosity and permeability, boundary conditions, and reservoir fluid properties; and those related to the properties of the injected fluids used for imbibition-enhanced oil recovery (Hu et al., 2020; Li et al., 2021; Shaibu and Guo, 2021; Yang et al., 2023).
4.1 Comparison of imbibition efficiency of different surfactant
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Average Permeability (mD) 259 ‘ 1,078 2,159
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Sample Length Diameter Porosity Imbibition Dry Wet Imbibition

no (cm) (cm) (VA agent weight (g)  weight (g) weight (g)
SD-1 5037 2511 519 0.2%KCL 1294 62.7434 65.1438 65.0156
D2 5081 2513 705 0.5%SDS 1776 613018 645963 643748
D3 5045 2517 651 0.5%HD 1633 61.8529 648821 64,6535
SD-6 5002 2525 648 0.5%SY 1622 61.2937 643025 64,0455
HY-2 5064 2451 204 0.2%KCL 0.487 62.9887 63.8921 63.8576
HY:3 5072 2535 135 0.5%SDS 0345 632807 639207 63.8932
HY-4 5042 2533 126 0.5%HD 032 63.4344 64028 63.9951
HY-6 5067 2528 213 0.5%SY 0541 63.9349 619385 64.8835
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KCl 0.2% KCI

Single agent-SDS. Anion surfactant

Mixed agent-SY Anionic surfactant + Non-ionic surfactant
Mixed agent-HD Anionic surfactant + Nonionic surfactant +

Amphoteric surfactant
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a. Lithology classification table

Dunham'’s classification scheme

Grainstone Marl content <10%, grain support
Packstone Marl content >10%, grain support
Wackestone Grain content >10%, marl support
Marlstone Grain content <10%, marl support
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well p (m) Measure Gas (10*m3/d)
HXI 3303 3361 111 7471 443
3365 3470
HX2 3510 3534 127 9604 408
3570 3591
3630 3686 1 Microgas /
HX3
3432 3572 12 After acid 82 9.69
3756 3900 476 After acid 064 1015
HX4 14 Before acid 141 /
3626 3698
56 After acid 491 12.94
H-X01D 3466 3939 12 9221 14.16
H-X02D 3431 4095 12 8939 1604
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Sandstones
California and Pennsylvania samples

‘The Uinta Basin tight sandstone

Relationship

b=0.086(k,,/$) 1

b=0.111(k,,/¢) "

Fontainebleau sandstone

¥ samples

b= 0,043k /) 1

b=0.055(k,,/¢) 4%
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Samples engtl Diameter, ci Porosity ¢y,

Yi-1 4956 2452 8193 5411 8325 0.048 0.400
Y1-7 4.987 2449 9.444 6811 7.213 0.064 0.462
Y1-9 4975 2416 31150 21.633 36.054 0.054 1.947
Y3-2 4.990 2445 27.895 18.788 28.905 0.063 1.821
Y3-1 4.984 2417 12515 8.436 14.061 0.064 0.900
Y2-8 4981 2419 9.989 8.404 12.930 0.058 0750
Y1-6 4991 2406 22389 15.194 23375 0.057 1332
Y4-3 4.986 2423 9209 6.568 7.235 0.060 0.434
Yi-5 4.987 2458 16511 11269 17.337 0.047 0.815
Y22 4.987 2413 23773 14.657 24428 0.051 1.246
Y2-1 4.988 2468 10.084 7.245 8.125 0.063 0512
Y5-8 4991 2414 12.604 11193 17.220 0.056 0.964
Y5-5 4.968 2444 29377 21.788 33,520 0.045 1.508
Y5-4 4970 2436 25797 15.935 23.652 0.050 1183
Y4-9 4975 2448 10.163 8712 13.403 0.062 0.831
Y6-3 4977 2443 30019 20.778 34.629 0.044 1.524
Yi-4 4.980 2443 18.838 12,639 19.445 0.058 1128
Y9-8 4.961 2454 29.167 19343 32239 0.048 1.547
Y9-3 4967 2447 20488 14.026 21578 0.046 0.993
Y7-2 4982 2412 31231 14.325 21326 0.070 1.493
Y8-6 4972 2447 13987 9.643 18.532 0.042 0.778
Y7-5 4979 2417 28.653 18714 35.623 0.047 1674
¥8-2 4.963 2445 12706 10.663 15233 0.049 0.746
Y9-1 4962 2459 8332 5.600 7.821 0.065 0.508
Y6-9 4.965 2450 8050 4.964 8273 0.057 0472
Y6-4 4979 2460 21.149 13.746 31560 0.042 1.326
Y9-3 4.987 2444 24312 16.591 25,525 0.049 1.251
¥5-9 4.966 2455 5564 3714 6.190 0.050 0310
Y2-4 4.983 2452 17.088 11.048 21352 0.058 1.238
Y3-6 4.986 2464 30.659 21.529 35.881 0.049 1.758
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Samples Lengt Diameter, c
F8-7 5033 2519 12092 97.752 130430 0012 1565
65 5029 2519 7.072 20,109 20301 0013 0264
F43 5057 2516 10213 8547 11030 0055 0.607
F12-1 5037 2520 7.445 20955 21040 0016 0337
F8-14 4983 2520 7.004 16930 17038 0024 0.409
F9-6 5.044 2521 10416 97.869 99.367 0015 1491
F15 4627 2519 7.254 2972 6578 0093 0612
F15-6 5027 2517 11213 1129 1158 0163 0189
F13-2 4.985 2514 11114 2610 2634 0.061 0.161
F12:9 4987 2516 7.784 15.568 16.198 0023 0373
Fl-14 4978 2519 10.057 126948 129.960 0015 1.949
F26 5050 2502 12437 0136 0141 0348 0.049
58 3574 2510 3962 20,689 20913 0028 0.586
F79 5410 2531 8.260 0399 0621 0128 0079
F6-3 5035 2517 11327 0.604 0824 0121 0.100
F10-5 4814 2525 7.577 11363 26,696 0012 0320
F10-3 4303 2538 3.802 0749 0857 0.101 0.087
F7-1 5042 2521 6.763 4457 5813 0056 0326
F1-6 4984 2504 7.784 11372 13950 0026 0363
38 5052 254 7.354 18335 19.429 0019 0.369
Fl1-4 5037 2521 10.097 26996 46477 0034 1580
F93 5033 2.509 7.626 10045 14603 0021 0307
B35 5.045 2493 13520 29.196 30,507 0028 0.854
F2-8 5899 2513 8.631 9.163 12286 0039 0479
F6-8 5033 2513 10751 15402 24293 0059 1433
F9-4 5035 2495 7.760 51073 52895 0018 0952
F4-8 4191 2521 8300 55.072 55951 0026 1455
F4-4 2752 2522 11695 58955 67.452 0023 1551
F3-11 5.047 2513 9.430 10556 17628 0036 0.635
F117 3.888 2521 8.268 8251 8342 0041 0342
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Trip drill Bit Drilling tool  Footage Net RPM  Displacement PP Reasons  Prediction  Predicted

model  combinations  (m) drilling (r/min) (Us) (MPa) for of ROP
time(h) hoisting | stratigraphic  (m/h)
or drillability
running
operation
Tz | MMDSSDMH  PDC o rotry P ® 0120 @ w30 w30 367 | Sowled | Fsthadioddl | 35
sceing ool andsevere | mainlyincluding
bvear | someEasy-to-
il Secondary
hardto-dell
Tz | XZDSDRS | PDCrotry 3 15 0120 © » 530 200 | Abvormal | Sccondary 25
scering ool PRlghtbit | hard-to-drll
5 | XZDSDRS | PDCroury 15 » 110 @ » 530 159 | Sowhed, | Sccondary 15
seeing ool lesswearon | hard-to-deil.
drilbis
26 EoM wrbodeill+ s w1 w080 5070 » w3 195 | Sowhed | Sccondary 20
impregnated andsevere | hard-to-deill and
diamond bi bwear | Thind
ardto-dil
w7 TReos PDC+ posiive m 7 80160 s0-60 » 3052 221 | Sowfed | Secondary 25
displacement motor severebit | hard-to-dil
hollowing
T8 | XZDSDRS | PDCposive 155 £ s0-120 5070 » »5 22| Abormal | Thind 15
diplcement motor PP severebit | hard-to-deil
Hhollo

9 s7162% PDC + posiive 5 35 80120 5070 » 232 151 Abnormal | Thid 15
displacement motor PR severe bt | hard-to-drill

TZI0 | XZDSGDRS | PDC+ posiive 130 ” 50-160 50 B 22 178 Abnormal | Thid i
displacement motor PR severebit | hard-to-drilland
wear, Secondary
hollowing | hard-to-drill
out
TZII | XZDSGDRS | PDC+ posiive 149 w“ 120-200 3050 525 22 339 Abnormal | Secondary 25
displacement motor PRseverebit | hard-to-drill
hollowing
ot
TZ12 | XZDSDRHS  PDC+ positive m u 120-200 3050 528 235 46 Drilto Secondary 25

displacement motor rget B hard-to-drill
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Significance Compression Tensile strength Cohesive Angle of internal @

value strength strength friction
Bl 044 046 039 040 033 0393 ‘ 1965
Compression strength | 0.29 0.30 029 032 030 0302 ‘ 151
Tensile strength 011 0.10 010 0.16 0.18 0.139 ‘ 0695
Cohesive strength 0.09 0.08 019 0.08 012 0095 ‘ 0475
7 Angle of internal friction i 0.08 0.06 | 003 0.04 0.06 0072 ‘ 036
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Nameofwell ~ Numberof  Drillbittype  Wellsection Average Timeforpure  AverageROP  Thethirdspud  High resistivity

drilling trips footage of trip drilling (hour) (m/h) drilling cycle values (Q-m)
drilling (m) (day)
\ st 16 PC 4715-6500m s 797 2 w02 100
\ stz 17 PDC/Impregnated | 4750-6,667m. 27 962 199 9% 1000
o » P [p—— s ™ i s
sy 7 eoc 4159-6310m 01 s s07 69 20
o s e P 209 s i N =

S WA it i v i Sl
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Significance value

Compression Tensile Cohesive Angle of
strength strength strength internal friction
Ay Elp 1 15 4 5 55
Compression strength | 2/3 1 3 4 5
Tensile strength 174 73 1 2 3
Cohesive strength 15 14 2 1 2
Angle of internal friction | 2/11 | 15 173 | 12 1
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Order  Formation = Nozzle Drilling fluid parameters Drill parameters

of (mm)

drilling Density PV YP  WOB  RPM  Displacement  SPP Bp DPS  HPKN) SV SH(kw)
(g/cm?®)

(mPas)  Pa (kN)  (¢/min) (L/s) (MPa)  (MPa)  (MPa) (m/s)
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Scale Det o
1 In the comparison of two elements, they are regarded as having the same importance.
3 In the comparison of two elements, the former is considered to be somewhat more important than the latter.
5 In the comparison of two elements, the former is clearly more important than the latter.
7 In the comparison of two elements, the former is strongly more important than the latter.
9 In the comparison of two elements, the former is considered to be extremely more important than the latter.

2468 Denotes the intermediate values of the previously mentioned adjacent assessments.

Reciprocal If the importance ratio between factor i and factor j i ,,then the importance ratio of factor j o factor i can be expressed as a; = 1/a,,
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Measurement  Bel BE (first) ~ BE (second) BE (third) The average

number brittleness
value
1 20017 | 018 2553 | 045 | 029 | 026 042 035 038 038
2 6317 027 2563 | 041 | 037 | 022 023 033 030 029
3 13304 | 022 1295 | 042 | 036 | 023 032 026 027 028
4 17200 | 035 392 | 048 | 007 | 045 021 022 022 022
5 20776 | 028 1941 045 | 025 | 030 0.36 033 035 035
6 39478 | 004 | 13431 | 045 | 032 | 023 0.89 091 091 090
7 89.94 012 1106 | 045 | 030 | 025 029 022 ‘ 023 025
8 17642 | 018 220 | 037 | 026 | 037 030 028 028 029
9 10054 | 022 084 | 032 026 | 042 019 0.19 019 019
10 20571 | 016 464 | 042 | 027 | 031 0.40 035 035 036
1 32169 | 021 3631 | 043 | 033 | 024 0.59 050 049 053
12 20356 | 021 6960 | 041 | 031 | 028 0.50 0.60 058 056
13 19267 | 020 1761 039 | 029 | 032 037 041 040 039
14 14873 | 027 3405 | 039 | 034 | 027 034 034 030 033
15 197.14 | 021 2971 | 040 | 031 | 030 041 042 037 040
16 19142 | 023 115 | 036 | 028 | 035 033 037 036 035
17 14394 | 014 437 | 038 | 023 | 039 027 027 027 027
18 40.56 029 1073 | 039 | 036 | 024 017 020 018 018
19 75.06 0.14 318 | 039 027 | 035 022 0.20 020 021
20 99.86 041 036 | 031 | 034 | 035 013 012 012 013
21 17985 | 055 008 | 025 036 | 038 0.10 0.10 0.09 0.10
2 5047 033 162 | 036 | 036 028 014 015 014 014
2 69.88 037 013 | 030 032 | 038 012 011 011 011
u 5023 037 648 | 037 | 038 | 025 013 013 012 013
25 1244 | 010 416 | 039 022 | 039 025 026 025 025
26 1755 | 048 000 | 033 040 | 026 012 012 012 012
27 2714 | 025 470 | 042 | 036 | 022 039 030 029 033
2 13239 | 036 268 | 031 033 | 036 019 0.19 019 019
29 271.36 -0.07 647 0.41 0.15 0.44 0.44 0.46 045 045
30 20117 | 018 2553 | 045 | 029 | 026 042 035 038 038
31 6317 027 2563 | 041 | 037 | 022 023 033 030 029
32 13304 | 022 1295 | 042 | 036 | 023 032 026 027 028
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Experimental
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10

n

2

3

1"

15

16

7

15

19

2

2

3

u

5

2%

7

B

»

B

3

2

¥s5

s

s

s

s

Y8

s

s

s

s

Y88

vl

o¥1

v

v

Pal0l

Pal0l

Pal0l

Pal0l

Pal0l

Pal0l

Pal0l

PYISH

PYISH

PYISH

PYI2H

PiaH

Pian

PYiaH

PYi2H

Pian

PYI2H

355146

356302

356397

3449325

3449325

34593

3550595

3550595

3162555

3162555

3160

31608

33355

3558

334058

334058

335962

38044

336546

37545

319093

1893.965

189561

1699855

1823825

181287

181697

181974

182086

199295

183510

183925

Layered Clayey Shale
Mised Shle
Grey Shale
FineSandstone
FineSandstone
Laperd Fine Sadstone
LayeredFine Sndstone
LayeredFine Sandstone
Layered Fine Sndstone
Layered Fine Sndstone
Layerd Clayey Shale
Clayey Shale
FineSandstone
Fine Sandstone
Fine Sandstone
FineSandstone
Felscshale
Fescshale
Clayey Shale
Heterogencous Shale
Grey Shale
Clayey Shale
Grey sale
Grey hale
HeterogencousShle
Lapered Mixd S
Clayey Shale
Layered Mised Shale
Clayey Shale
Clayey Shale
Clagey Shale

Shelllimestone:

Vertical

Horizontsl

Vertical

Horizontsl

Vertical

Vertical

Horizontsl

Vertical

Horizontal

Vertical

Vertical

Horizontal

Vertical

Ver

Horizontal

Vertical

Horizontsl

Vertical

Horizontsl

Vertical

Vertical

Horizontal

Vertical

Horizontal

Vertical

Horizontal

Horizontsl

Horizontsl

Horizontal

Horizontal

Horizontsl

Horizontal

2480

2466

256

B62

2156

2508

519

286

2162

270

1530

1997

2526

2501

2102

2448

2514

219

»2

285

2553

512

2550

2126

291

514

297

2508

500

2199

527

2508

510

2516

206

2525

527

53

510

515

514

519

2508

53

501

208

2508

2510

2507

520

268

u9

518

50

206

296

208

216

2509

523

518

u9

2525

515

10414

3815

16518

14687

13276

12741

13657

1581

1330

7515

9728

9651

503

18082

o

4309

14229

2060

5303

a2

5260

7668

2am1

9156

109

37

1519

5962

5089

1426

3830

1065

391

713

7.6

1507

1330

128

1391

1628

ns

247

1221

971

su

101

[EXEY

439

a1

P

545

a1

53

761

293

933

377

155

603

515

142

387





OPS/images/feart-13-1546094/feart-13-1546094-g011.gif





OPS/images/feart-13-1515701/feart-13-1515701-t003.jpg
Type

‘Type 1: The pre-peak behavior is defined by

elastic-plastic characteristics. Post-peak, the material

displays significant brittleness, with strain hardening
noted during the decline in strength.

‘Type 2: The pre-peak behavior is defined by a largely
elastic-plastic response. A considerable amount of
plasticity is evident in this category, resulting in
pronounced brittleness following the peak.

Type 3: The pre-peak behavior is defined by elastic
characteristics. Moderate brittleness occurs post-peak,
reflecting a transitional behavior.

Type 4: The pre-peak behavior is defined by elastic
characteristics. Following the peak, the material
demonstrates plastic behavior.

“Type 5: The pre-peak behavior is defined by a
combination of elastic and plastic characteristics. Afier
reaching the peak, the material retains its plastic
behavior.
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20 10 0o
Radial strain%)

20 to
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20 Lo
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DY1,3365 46m
70¢ 30MPa
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30

PYLSH.3354.46m
70C 30MPa

o 20 30
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PY1-5H3563.02m
70¢ 30MPa

o 20 30

Axisl strain (%)

V$8,1699 86m
50C 20MPa

Lo 20 30
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Feature points

Yield-to-peak ratio:
0833
Weakening modulus:
-9620.871

Yield-to-peak ratio:
0.647Modulus
of weakening: -10224.7

Yield-Peak Ratio: 0.855
Deterioration Modulus:
-512.87

Yield-Peak Ratio: 0.92
Deterioration Modulus:
-141277

Yield-Peak Ratio: 0.59
Deterioration Modulus:
-79.068

Fine sandstone
Bedding fine sandstone
Felsic shale

Clayey shale
Stratiform mixed shale
Gray shale

Stratified Clay-rich Shale
Mesoshell limestone
Felsic shale

Mixed shale
Clayey shale

Gray shale
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Experimental Well Depth(m) Lithology  Containment = Temperature  Sampling Poisson’s Young's  Compressive

sample Identifier (MPa) ) direction ratio modulus strength
number (MPa) (MPa)
1 Y85 1893.9-1894.03 Clayey shale 2 50 Horizontal 0150 141479 599
2 Y85 1895.5-1895.72 Gray shale 2 s0 Vertical 0169 &6 516
3 s 1699.75-1699.93 Gray shale 2 s0 Vertical 17 53736 554
1 ¥ss. 18237518239 Mixed shale 2 E Vertical 150 58625 &7
5 Y88, 181279181287 | Stratform mixed 2 50 Horizontal 167 73024 1064
shale
s ¥ss. 181690-181697 | Clayey shale 2 50 Vertial 0192 97796 684
7 s 1819.66-181974 | Stratform mixed 2 50 Horizontal 0275 3r2 1023
shale
s s 182478-182486 | Clayey shale 2 s0 Vertical 178 65097 562
o Y88, 183287183295 | Clayey shale 2 50 Horizontal 21 321 78
10 s 183503183500 | Clayey shale 2 0 Horizontal 0206 877 72
n ¥ss. 183917183925 | Mesoshell limestone. 2 50 Vertical 0155 S0.4583 ms
2 VI 3180.32-3150.56 Felsc shale 30 7 Horizontal 0209 29825 1790
13 Vi 3365.37-336555 Mixed shale 30 o Vertical 0208 71249 923
1 ovi 37535337555 | Clayey shale 20 70 Horizontal 0236 135317 n7
15 ovi 34908-3491.06 Gray shale 30 Kl Vertical 0156 16103 794
16 Pat0l 3160316012 Suranded clayey 0 £ Vertical 0219 27732 1085
shale
7 Patl 316083161 Clayey shale 30 7 Horizontal 0239 71392 e
15 Pat0l 3355333361 Fine sandsione 2 o Vertcal 0215 21817 1356
1 PatOl 33558333567 | Fine sandstone » 70 Vertical 0202 29787 I
2 PatOl 334058331067 | Fine sandstone » E Horizontal 0218 238018 1
2 PatOl 334058331067 | Fine sandstone 2 7 Vertical 0152 27,4498 1361
2 Patol 3359.62-335971 Felsc shale 30 £ Horizontal 0367 11520 553
2 PY1SH 360316012 Suranded clayey 20 El Horizontal 023 190857 1
shale
u PYISH 35543355462 Mixed shale 0 o Horizontal 0166 21850 1304
2 PYISH 356282356322 Gray shale 30 K Vertical 0153 120151 65
2% PY12H 36382356112 Fine sndstone 2 K Horizontal 0167 316038 w77
2 PYi2H 3449153495 | Finesandstone 0 0 Vertical 0130 322 38
2 PYi2n 3449.15-34495 Bedding fine 0 70 Horizontal 0205 e 276
sandstone.
» PYian 34912345948 Bedding fine 30 El Horizontal 0221 5384 3
sandstone
0 PYI2H 3041355078 Bedding fine 30 7 Vertical 0265 205539 w72
sandstone.
3 PYian 355041355078 Bedding fine 0 £ Horizontal 0197 27736 222
sandstone.
2 PYi2n 624134627 Bedding fine 30 £ Vertical 0199 329694 1947

sandstone
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Sample Well Lithology Quartz K- Plagioclase Calcite Dolomite Baryte Pyrite Whewellite Fluorapatite  Clay

identification  identification feldspar minerals
number number
2 ovi 318032 Longlved | 480 - 25 0 = 09 = = - 20
shale
2 ovi 56537 Clayrich e = 52 87 = = 62 - = n5
shale
3 ovi 37535 Mixedshale | 273 = 19 24 = - 24 = - 60
1 ovi 3908 | Calareous | 269 06 31 185 & = 10 = =] 99
shale
5 PYL2H 344015 Fine s06 = %1 12 N - s = - 201
sandstone
6 PYL2H 35902 Swaified s06 - 29 51 - - - - - ™
fine
sandstone
7 PYL2H B0l Swaifed 355 - 270 216 - - - - - 159
fine
sandstone
s PYI2H 316241 Stratiied 80 - 23 52 - - = — - 185
fne
sandstone
9 Pal0l 3160 Laminsted | 463 = 197 19 = 09 08 - 30 174
clay-rich
shale
10 PAl0l 31608 Clayrich 399 - 193 161 = - 07 — - 210
shale
n Pal0l 3355 Fine 474 = 174 08 - = - — - a4
sandstone
2 PAI0l 333558 Fine s = 175 = = = = - = 37
sandstone
3 Pal0l 31058 Fine 3 - 28 - = - - - - 29
sandstone
1 PAI0l $96 | Longlved | 372 - 25 = = = = - - 503
shale
15 PAl0l 3159 Laminated | 303 = 23 198 1 - 31 = - 05
clay-rich
shale
16 Pal0l 316638 Clayrich %9 = 2 29 22 = 36 = = a4
shale
” PYLSH 392 Laminied | 329 = 15 39 o = 06 = = s
clay-rich
shale
s PYLSH 36106 Clayrich 289 - 21 195 13 - 36 - - 3
shale
19 PYLSH 35543 Laminaed | 378 = 77 = = & & = & 515
clay-rich
shale
el PYISH 3628 | Miedshale | 316 - 85 21 o= — - — - 78
2 PYLSH 368 Clareows | 356 - 70 - = - = = - 574
shale
2 85 18939 Clay-rich 39 - 50 7 = = 14 ~ - 526
shale
» 85 18955 Calareows | 323 - 19 9% - - 29 = = 533
shale
u s 16978 | Calcarous | 105 ~ - 763 - - 15 36 - 1
shale
5 s 182375 Misedshale | 194 07 20 57 = - 13 - 10 59
% s 181279 Laminted | 288 - 51 182 21 = 27 = - 51
mixed shale
7 S8 18169 Clayrich 199 = 07 5 101 - 23 - = 55
shale
28 88 181966 Laminaed | 269 - 22 Bl 09 - 21 - - 69
mixed shal
» S8 182178 Clayrich %2 = 51 22 = = 2 = = 645
shale
Bl Y88 18267 Clayrich 366 - s 08 = = o = =] 576
shale
3 s 183503 Clayrich 53 = 16 = - - - = = o1
shale
2 s 1839.17 Shell 34 - 76 15 - = 12 - - 308
limestone
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Model dimension 30 cm x 30 cm
Wellbore radius Tem
Perforation length 0.26 cm
Perforation angle, 6 45°
Maximum horizontal stress, oy, 17 MPa
Minimum horizontal stress, dj, 8-14 MPa
Vertical stress, o, 20 MPa
Young’s modulus, E 16.14 GPa
Poisson’s ratio, v 018
Tensile strength, o, 32MPa
Fracture energy, G° 28 N/mm
Permeability, k 15mD